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Executive Summary 

Key messages 

As electricity markets shift away from fossil fuels towards low carbon technologies 

with low marginal costs of production, the wholesale price of electricity will tend to 

drop (so-called ‘price cannibalisation’) which could adversely affect investment 

signals. The degree to which this occurs depends on the nature of the supply and 

demand technologies that come on to the system during the decarbonisation 

pathway, as well as the prevailing policy framework. We use the term ‘transition risk’ 

to describe risks that investors face relating to this pathway uncertainty.  

At the same time, the energy price shocks of 2022 have shone a harsh spotlight on 

risks to consumers, emphasising the need for policy to take account of allocation of 

risk between generators and consumers both of higher- and lower-than-expected 

prices.   

This report assesses the impact of these risks on the financial case for offshore 

wind, using a methodology that can be readily applied to other types of generation. 

• We characterise the current stage of the low-carbon transition as a ‘build 

phase’, where large volumes of investment are needed to get on a path to a 

net-zero electricity system. 

• International experience indicates that successful policies to achieve this 

investment have in common the ability to provide a steady, stable and 

predictable outcome for investors.  

• During the build-phase, the final physical state of the decarbonised system is 

still uncertain, meaning there is significant price risk in future wholesale 

markets. 

• Current ‘contracts for difference’ provide a fixed price for renewables, 

shielding investors from these risks, helping to minimise the cost of capital for 

these projects during this critical build-phase of the transition.  

• Exposing projects fully to transition risk at this stage could increase the cost of 

transition by at least a third (from £15bn to around £18-£20bn per year for 

offshore wind alone). 

• A number of market design options that provide an alternative to use of CfDs 

to address price cannibalisation may become feasible and attractive in the 

longer-term once the risk characteristics of the decarbonised system are 

better understood.  

  



ii 

Policy context 

Rapid deployment of renewable energy is at the forefront of the UK government’s 

plans to decarbonise the power sector by 2035, as a precursor to meeting broader 

net zero aspirations by mid-century. The British Energy Security Strategy (April 

2022) highlighted the importance of offshore wind in particular, and extended 

previous aspirations by setting an ambition to deliver up to 50 GW offshore wind by 

2030, including up to 5 GW of floating wind. Installing 30-40 GW of new offshore 

wind in nine years is a significant challenge. It requires amongst other things the 

mobilisation of something of the order of £55-70 billion of investment.1 However, this 

is just the beginning. Scenarios from National Grid ESO, the Great Britain2 system 

operator, put the amount of wind needed for a fully decarbonised system at between 

80-110 GW by 2040 (1) requiring investment of up to £160 billion. 

The process has already started. In the last 20 years, Britain has installed around 10 

GW of wind around our shores – a remarkable achievement that places the UK at 

the forefront of sea-based renewable energy and helped drive down costs globally.  

‘Contracts for Difference’ (CfDs) are the centrepiece of UK policy support for 

renewable energy schemes that have underpinned these investments. With prices 

set through auctions, they provide government-backed 15-year contracts to deliver 

green electricity. This has made renewable energy projects attractive to low-risk 

investors such as pension funds who control large pools of low-cost capital. These 

arrangements have helped see the prices offered to new offshore wind farms in 

Great Britain plummet from well over £100/MWh to below £40/MWh (2012 prices) – 

making offshore wind cheap compared to almost all other forms of power generation. 

Onshore wind and solar prices have also dropped under CfD support to £42/MWh 

and £46/MWh respectively in the most recent auction round in December 2021 (2).   

Now that renewables are so cheap, some commentators are questioning whether 

they need the continued government support, arguing that markets might be able 

deliver decarbonised power more efficiently without the provision of these long-term 

contracts. They argue instead for an alternative approach, such as a low carbon 

obligation on suppliers. The logic is that although CfDs make investment less risky, 

they also largely remove any incentive for renewable generators to respond to the 

short-term price signals that reflect the value of electricity at particular times of the 

day or year. 

Quantifying transition risk 

In this report, we aim to contribute to a particular strand of this debate, namely the 

dichotomy between the desire to minimise the cost of capital of new investments in 

 
1 This is based on the generation plant only, using BEIS estimates of £1800/kW in 2030 (2018 prices) 
2 Throughout the report we refer to UK climate targets and to Great Britain or GB electricity markets. 
This is because the electricity market arrangements under discussion apply in GB because separate 
arrangements apply in Northern Ireland under the integrated single electricity market for Ireland and 
Northern Ireland.  
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order to minimise the overall cost of the transition, and the desire to use market 

signals to optimise the efficiency of investment and operation of electricity system 

assets and promote innovation. We characterise this debate in terms of a simple 

equation: 

Do the cost savings arising from low cost of capital achieved through 

de-risking policies outweigh the potential system cost benefits that 

might arise from exposing renewables projects to greater levels of 

market price risk?  

We conclude that the answer depends on the stage of transition being considered. 

The ‘build phase’ of the transition to a future decarbonised electricity system will 

require massive investment in renewables, electrification of transport and heat, 

flexible demand, hydrogen infrastructure, interconnectors, carbon capture and 

storage and nuclear. The mix of these technologies is still highly uncertain and 

policy-dependent. For example, the focus on nuclear shifted again recently in the 

government’s British Energy Security Strategy, and the degree of hydrogen demand 

in the economy remains highly uncertain.  

Our analysis indicates that at least until there is greater clarity on the technology mix 

that will prevail in a zero-carbon electricity sector, significant changes to the current 

commercial framework for supporting investment in clean energy could result in a 

significant increase in the cost of capital, potentially increasing the cost of transition 

by a third. Given the huge amounts of capital required to deliver the transition, such 

an increase could put the transition itself at risk. 

The balance of this equation is likely be different towards the end point of the 

decarbonisation process, when the technology mix is clearer and price formation and 

risk allocation can be better understood. Our qualitative assessment of different 

market design option shows some promising candidates, though not an obvious 

policy ‘winner’. The analysis identifies challenges that would need to be addressed 

by any future market design options, but the choice is likely to be clearer once the 

future technology mix is more certain.  

Lessons from international comparisons 

A variety of renewable energy (RE) policies have been shown to be effective at 

incentivising investment. It must be noted that there is no silver bullet, no single 

policy that ‘works best’. The policies and their results are highly context specific and 

must be treated in such way. Nonetheless, some countries have fared better than 

others, providing valuable lessons on the level of policy effort (and intervention) 

required to manage the energy transition and keep the lights on. 

In some cases (e.g. Germany, CfD auctions), these act primarily as a revenue 

stabilisation mechanism, helping to offset price cannibalisation effects in the 

wholesale market. In other cases (e.g. US / Texas, Federal tax credits), the policies 

create an additional but variable income stream which supplements the underlying 
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strong economic case based on the favourable availability of good low-cost RE 

resources. 

In all cases, the relationship between the renewable support mechanism and the 

wider system provides an essential investment context. This includes:  

• The degree to which renewables are exposed to market price, and the 

different levels of risk this may impose depending on the level of wholesale 

market volatility / price risk in the country. 

• Differences in the way grid connection issues are handled. E.g. in Germany, 

the CfD auctions are an important way of gaining access to the grid. In Texas 

& Australia, transmission constraints and congestion have an important effect 

on prices.  

• The extent to which the market allows or facilitates projects to be able to strike 

long-term Power Purchase Agreement (PPA) arrangements outside of the 

formal RE support mechanism.  

However, the policy solutions explored in this paper relate to investment under 

conditions where market risks are relatively well established through mature 

markets. The extent to which these market risk characteristics persist under 

conditions of deep decarbonisation have not been tested in the reviewed case 

studies.  

Need for de-risking investment during the 

‘build phase’ of the transition 

There is an urgent policy imperative to ensure that low-carbon infrastructure is rolled 

out fast enough to meet decarbonisation goals. Although some features of this 

infrastructure can already be outlined, the details are still uncertain. Some of the 

risks are commercial in nature, but some relate to matters of public policy that lie 

outside the control of electricity sector players3. This distinction matters because 

imposing risks on investors which they are not in a good position to manage could 

simply increase the cost of capital needed to finance the transition without any 

commensurate benefits in terms of improving the design and quality of the projects.  

We characterise these major decarbonisation pathway uncertainties as ‘transition 

risks’, and aim to quantify their impact on the cost of building out offshore wind.4  We 

use published scenarios from National Grid ESO to illustrate different pathways to a 

zero-carbon electricity system, all of which include very large increases in offshore 

wind capacity from 10 GW now to 100-120 GW in 2040. The cost of this amount of 

offshore wind would be around £15bn per year if financed at moderate cost of 

 
3 As examples, we look at the risk of under-delivery of various types of flexibility (such as hydrogen and 
interconnectors), but we have not carried out an exhaustive analysis of different types of risk factor.  
4 This is an illustration of the wider infrastructure financing challenge, and the methodology can be 
equally applied to other types of investment.  
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capital. Very roughly, for every 1%-point increase in the cost of capital, this figure 

increases by £1bn per year. 

We then look at how exposure to decarbonisation pathway risks during this build 

phase varies depending on the policy / market design frameworks in place for 

remunerating wind power. Initial results indicate that the degree of exposure varies 

by around 1-5 percentage-points between the most risk-exposed framework and the 

least risk-exposed. This suggests that the choice of policy framework could impact 

the cost of delivering the offshore wind component of the low-carbon transition by 

between £1-5bn per year (up to a third of the overall annual cost). 

We have not yet attempted to quantify the degree to which exposing wind projects to 

more market price risk would achieve cost savings in the wider electricity system (i.e. 

the grid & balancing costs) by encouraging more efficient choices in the location, 

type, design or operation of wind projects. However, to result in a net cost saving, 

reduction in grid and balancing costs that can be directly attributed to exposing 

renewables schemes to greater price risk would have to be at least as large as the 

cost of capital effects. The value of flexibility in a low carbon system is underscored 

in our analysis and already widely appreciated (3). However, there are many ways 

this could be delivered that are independent of CfD reforms, from changes to the 

Capacity, Balancing and Wholesale markets to new incentives for storage, 

interconnectors or demand response.     

This is a relatively simple and stylised analysis designed to illustrate the key ‘moving 

parts’ and drivers of risk in the transition. Our intention is to help inform the current 

debate about what policy instruments are the most appropriate to ensure that this 

investment is delivered in a cost-effective way, culminating in the BEIS review of 

electricity market arrangements (4). Our contribution has been to provide a 

methodology based on open-source tools and publicly available data that helps to 

quantify financial exposure to different pathway risks which should help assess 

which risks should be managed by whom. 

Market reform options after the transition (‘re-

optimisation’ phase) 

The case for substantial market design changes in a future decarbonised electricity 

sector is different from the case for market change at the earlier stages of transition. 

In a future decarbonised phase, the fundamental physical characteristics of the 

system and subsequent market behaviour will be more easily quantified, and 

depending on the characteristics of the steady-state, market solutions could help to 

re-optimise the deployment of capital within a sector that has already been largely 

decarbonised, and support continued growth to meet greater electrification of the 

economy. 

A qualitative assessment of the pros and cons of different possible future market 

design options has been undertaken. The design options assessed include:  
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• Merchant+: the short-run energy price is the main price signal in the 

electricity market, but with modifications to achieve evolving system 

objectives, such as decarbonisation. This might, for example, simply rely on a 

very high carbon price. 

• CfD+: build decisions continue to rely on Government-driven procurement 

decisions, which result in long-term contracts being awarded, with stable 

revenues on offer to successful bidders. This could include models that 

require relatively modest changes to the current approach to procuring 

renewables, such as a CfD floor price (5), or shifting from energy to capacity-

based revenues for renewables (5,6).  

• 2-market solutions: some authors, such as Malcolm Keay (8), have 

suggested splitting the energy market into a market for firm, dispatchable 

energy (also referred to as ‘on demand’ energy), and a separate market for 

non-dispatchable (‘as available’ energy). Such as market would in theory 

allow consumers to determine the level of security of supply that they find 

acceptable. 

• Obligations: this category would include models such as the Energy Systems 

Catapult’s Supplier Obligation model (9), which would rely on a 

decarbonisation standard and a reliability standard, both of which suppliers 

would be required to meet. It could be argued that this overlaps with the 

Merchant+ category because these standards would supplement a short-run 

wholesale electricity price. 

These options are then assessed in terms of the likely performance against five 

tests: 

• Test 1: The market delivers the contractual commitments required to deliver 

low carbon generation capacity. 

• Test 2: The market delivers the flexible capacity required to meet peak net 

demand. 

• Test 3: The market is well equipped to determine the supply quantities 

needed to meet system energy and capacity requirements. 

• Test 4: The market is well understood and can be modelled. 

• Test 5: The market results in politically acceptable outcomes. 

This analysis shows that there is no one market design currently identified that is 

clearly suitable for the re-optimisation phase of the transition. However, different 

technology pathways might point towards a different shortlist of market design 

options: 

• If short-run wholesale market price signals remain robust, then a Merchant+ 

route might be feasible. Short-run price signals might remain robust if gas 

CCS has a substantial role in the energy mix, if a mature market for flexible 

demand develops, or if a deep hydrogen market develops (and hydrogen is 

widely used in the electricity sector), with well understood pricing. This would 

likely need to be supplemented by a Capacity Market or equivalent. 

• If short-run wholesale market prices tend towards zero during most hours, a 

CfD+ route (or some other long-run pricing mechanism) might be required. 
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This could be required in high electrification pathways where electricity 

storage plays a major role, but without a deep hydrogen market. 

• In theory, a 2-market or obligation-based approach might offer a more 

sophisticated solution, but these market design options would need to first be 

shown to pass the five tests above. 
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1 Introduction 

1.1   Context 

At the end of 2020, the UK Prime Minister announced an aspiration to build 40 GW 

of offshore wind by 2030. With poetic references to the wind that puffed the sails of 

Drake, Boris Johnson placed offshore wind at the forefront of a ‘green industrial 

revolution’(10). In October 2021 the UK Net Zero Strategy doubled down on this, 

reiterating the importance of offshore wind and the key role of a decarbonised power 

section in meeting net zero aspirations (11).  

The British Energy Security Strategy (12) extends this further, setting an ambition to 

deliver up to 50 GW offshore wind by 2030, including up to 5 GW of floating wind, 

with the accelerated timetable to be largely facilitated by a streamlining of the 

planning process. 

In the last 20 years, Britain has installed around 10 GW of wind around our shores – 

a remarkable achievement that places the UK at the forefront of sea-based 

renewable energy and helped drive down costs globally. However, to more than 

quadruple the amount of offshore wind in half that time will be no mean feat. To put it 

mildly, installing 30-40 GW of new offshore wind in nine years is a significant 

challenge. It requires amongst other things the mobilisation of something of the order 

of £55-70 billion of investment.5 However, this is just the beginning. Scenarios from 

National Grid ESO, the Great Britain6 system operator, put the amount of wind 

needed for a fully decarbonised system at between 80-110 GW by 2040 (1) requiring 

investment of up to £160 billion. 

Renewables in general and offshore wind in particular play a substantial role in most 

recent UK/GB decarbonisation scenarios. The Net Zero Strategy reaffirms the 

central role of renewables in decarbonisation of power noting that in 2035 and 2050 

power generation is likely to be ‘composed predominantly of’ wind and solar (11). 

This is because the costs of wind and solar have fallen substantially. There is also a 

very large potential resource in the UK, particularly offshore. 

Policies put in place in 2013 under ‘Electricity Market Reform (EMR)’ have played a 

key role in driving cost reduction and deployment (13). Government backed 

contracts known as Contracts for Difference, or CfDs, have proved attractive to 

investors and developers (14) whilst prices set through auctions place downward 

pressure on prices. Renewable energy expansion has continued apace whilst other 

low carbon options have struggled to become established. Nuclear power and CCS 

 
5 This is based on the generation plant only, using BEIS estimates of £1800/kW in 2030 (2018 prices) 
6 Throughout the report we refer to UK climate targets and to Great Britain or GB electricity markets. 
This is because the electricity market arrangements under discussion apply in GB because separate 
arrangements apply in Northern Ireland under the integrated single electricity market for Ireland and 
Northern Ireland.  



2 

appear to need additional support, or more action by government to de-risk 

investment (15,16).  

The scale of renewables expansion needed to meet Net Zero means the roll-out has 

scarcely started. Although existing policies appear to be successful in terms of 

deployment and cost reduction, the Net Zero Strategy also restates a question the 

government first posed in a Call for Evidence at the beginning of 2020 (17). It 

reiterates the value of the current policies but also asks if “broader reforms to our 

market frameworks are needed to unlock the full potential of low carbon technologies 

to take us to net zero.” Similar calls for review have been made by the Climate 

Change Committee (18). Since then, through the British Energy Security Strategy 

(12) the government has now committed to “undertaking a comprehensive Review of 

Electricity Market Arrangements (REMA) in Great Britain, with high-level options for 

reform set out this [2022] summer.”  

One of the key drivers of this debate about the need for market design review is 

differing views about the extent to which government or industry is best placed to 

make strategic choices about volumes of investment in different generation 

technologies. On one side, the argument goes that centralising these decisions 

through government allows for larger-scale, longer-term and de-risked procurement 

processes that minimise the cost of renewable roll-out by giving companies sufficient 

certainty to allow them to build robust supply chains and reducing the cost of capital. 

The simplest way to do this is by fixing volumes and allowing companies to compete 

on price through auctions such as those used for the CfDs.  

Others argue that this centralised approach to determining supply volumes reduces 

innovation and that de-risking investment to this extent may suppress some of the 

dynamic efficiencies that industry-led decision-making might bring to the choice of 

what, how much, and where to build new generation (9). Industry commentators 

have also raised concerns with the status quo regarding the economic viability of 

wind and solar farms when they reach the end of CfD or previous support schemes, 

cautioning that existing market structures could result in premature retirement of 

existing assets as they may be unable to recover their ongoing costs from the market 

(19). 

In practice, much of the debate hinges on whether, to what extent, and how to 

increase exposure of low carbon generators to wholesale market price risks. In this 

paper we focus on a subset of these issues by looking at the potential impact of 

increased revenue risk on the cost of capital, a key component of the overall cost of 

the energy transition. We focus our attention on the case of offshore wind, but the 

methodology can be applied to any type of electricity generation. We leave the 

question of the degree to which exposure to market risks creates dynamic 

efficiencies for future work.  

1.2   Price formation in low carbon markets 

At the time of writing this paper, the pressing question of energy policy is how to deal 

with high wholesale electricity prices driven by high gas prices.  Wholesale electricity 
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markets usually price electricity according to the cost of producing a marginal unit of 

power.  Currently, and for some time to come assuming economic recovery 

continues to maintain higher levels of demand, this marginal price is mainly set by 

the cost of gas-fired power plant. 

In the longer-term, once the system is dominated by renewables that are very low 

cost to run, this marginal pricing mechanism may begin to create problems, at least 

from the perspective of renewable generators. Increasing levels of renewables tend 

to depress prices through the so-called ‘price cannibalisation’ effect (20). This was 

observed during periods of low demand during the first Coronavirus lockdown in the 

UK at the start of 2020 (21,22). The effect is even more pronounced for wind plant, 

as their output tends to be correlated with periods when prices are low, meaning they 

receive a reduced so-called ‘capture price’. The effect will tend to get stronger as 

more wind enters the system. To a large extent, this effect is structural, it reflects the 

changing physical nature of the system, and how it interacts with wholesale market 

price formation, rather than the policy framework in place.  

The price capture effect can be partially offset by increasing system flexibility through 

making consumer demand more responsive as well as major infrastructure solutions 

such as long-term storage and long-distance interconnectors. For example, 

electrolysis for producing green hydrogen (23) could be a major source of demand to 

soak up large quantities of power when the wind is blowing, helping to prop-up prices 

during these periods. Delivery of this infrastructure is quite uncertain (24). Future 

demand for green hydrogen depends on decarbonisation pathways for industry, 

transport and heat. Total demand for power is also dependent on these pathways. 

This indicates the strong interrelationship between the investment case for 

renewables and other elements of the energy infrastructure needed for the energy 

transition. Crucially, many of these infrastructure pathway choices are also 

dependent on public policy, for example in the domestic heating sector (25), which is 

outside the control of power market participants.  

There are also questions about the sequencing and coordination of the different 

components of the net zero transition. The availability of surplus electricity at certain 

points of the day or year ought to provide an incentive to invest in demand response 

or storage, but demand and supply both respond to low prices. Whilst low or 

negative power prices ought to stimulate demand, they might just choke off supply. 

Investment in low carbon generation could simply stall before the smart chargers, 

interconnectors or green hydrogen plants turn up. Indeed, a great many risks 

surround each of the various component parts of a net zero electricity system. In the 

long-run, a fundamental question facing policymakers is whether a different market 

structure will be needed that moves away from system marginal cost (which mainly 

focuses on running costs) to one that reliably remunerates capital costs, which is 

where the bulk of the cost of renewables and other low-carbon infrastructure lies.  

 



4 

1.3   A debate over market design 

‘Contracts for Difference’ (CfDs) are the centrepiece of policy support for renewable 

energy schemes in the UK. With prices set through auctions, they provide 

government-backed 15-year contracts to deliver green electricity. They were created 

in the Energy Act of 2013 to help de-risk low carbon energy projects by insulating 

them from wholesale power price uncertainty for at least a part of their operational 

life, and providing a reliable counterparty (13). This has made renewable energy 

projects attractive to low-risk investors such as pension funds who control large 

pools of low-cost capital. These arrangements have helped see the prices offered to 

new offshore wind farms in Great Britain plummet from well over £100/MWh to below 

£40/MWh (2012 prices) – making offshore wind cheap compared to almost all other 

forms of power generation. Onshore wind and solar prices have also dropped under 

CfD support to £42/MWh and £46/MWh respectively in the most recent auction 

round in December 2021 (2).    

Now that renewables are so cheap, some commentators are questioning whether 

they need the continued government support, arguing that markets might be able 

deliver decarbonised power more efficiently without the provision of these long-term 

contracts (9). They argue instead for an alternative approach, such as a low carbon 

obligation on suppliers (26). The logic is that although CfDs make investment less 

risky, they also largely remove any incentive for renewable generators to respond to 

the short-term price signals that reflect the value of electricity in particular locations 

or at particular times of the day or year. The central rationale behind this argument 

for reforming or removing CfDs is that if renewable projects were more exposed to 

wholesale price movements over time and in different locations, renewable 

generators could be incentivised to generate more when demand is high and not to 

generate when demand is low. This is also linked to a wider set of arguments 

associated with incentives for demand response and provision of flexibility.  

Evidence in favour of this approach is that the market is now delivering wind projects 

outside of current policy support mechanisms. Currently, however, these remain a 

low proportion of the total market, below 1 GW out of a total of 48 GW (27).  The 

extent to which these could be reliably scaled to cover the bulk of the wind power 

needed over the next 10-15 years remains untested. 

Others argue that applying this approach to wind and solar generators would put the 

cart before the horse in terms of investment priorities. This line of argument is that 

we have only just started to deliver the massive shift in the country’s power 

infrastructure needed for decarbonisation of the electricity system by 2035, and 

electrification of other sectors in order to meet net zero (28). Since renewable power 

generation will form the bulk of total electricity system costs in the future, the primary 

policy objective should be to maintain as low a cost of capital as possible during the 

build-out phase. Newbery (29) points out that at least some of the dynamic 

efficiencies of the market can be replicated through design changes to the CfD, and 

that this would be a more efficient approach to delivering investment than fully 

exposing plant to wholesale price risk. 
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1.4   Risks and cost of capital 

Financial risk management is a complex topic, but a simple rule of thumb generally 

applies: higher-risk projects require a higher rate of return in order to attract investors 

which, all else equal, increases project costs. This is particularly significant when 

projects are dominated by upfront capital investments rather than ongoing running 

costs as is the case for renewables and other low-carbon infrastructure. Exposing 

project developers to risks they are well placed to manage can help to sharpen the 

design of projects, reducing the chance that consumers get saddled with the costs of 

poor project choices. However, exposing projects to risks they are not well placed to 

manage raises the cost of capital with no commensurate benefit in terms of project 

quality. It is therefore important to understand the nature of the risks facing 

renewable power projects as the electricity system transitions towards zero-carbon 

generation. 

The importance of keeping capital costs and the costs of raising capital as low as 

possible are underlined in the Net Zero Strategy, which notes that the principal 

economic costs of net zero arise because of the capital intensity of low carbon. 

These are huge, equating to something like 1 – 2% of GDP (11). Similarly, the CCC 

assessments of net zero emphasise the importance of capital expenditure in the 

initial phases of decarbonisation, noting how this eventually provides a payoff in the 

form of huge reductions in gross expenditures on fuels.  

At this stage in the energy transition, uncertainty over the size and fundamental 

characteristics of the electricity system could present risks which project developers 

and investors are not currently in a good position to manage. Arguably, these 

systemic risks are at their highest point in the near future given the policy dependent 

pathway choices that lie ahead. As the system progresses through the transition, 

some of these pathway uncertainties will be resolved. In the meantime, if the cost of 

capital dominates the overall cost of delivering the infrastructure investments that 

underpin the zero-carbon transition, this would suggest that now is not the time to 

change course on de-risking investment. This is not to argue for maintaining current 

CfDs in perpetuity. Indeed, a de-risking mechanism only partially covering the 

operational life, with only partial coverage of the market may lead to avoidable 

additional costs and a sub-optimal outcome.  

However, in order to inform the debate about the impact of moving away from CfDs it 

is important to properly understand the scale of any impacts on investment risk. We 

need to quantify the impact of the risks imposed by marginal cost price formation on 

offshore wind and other renewables so that the costs and benefits of new market 

and incentive designs can be better understood. 
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2 Country Comparisons 

2.1   Introduction 

As noted above, adding renewables to the energy system depresses wholesale 

prices as conventional generation with higher marginal cost is displaced through the 

‘merit-order effect’ (30), reducing the average price (capture value or market capture 

price) that VRE generators receive on the market (weighted by their own output), 

creating a ‘price cannibalisation’ (31). This effect can be observed empirically in 

virtually all wholesale markets in the world (see Figure 1), though the details depend 

on the specifics of each country’s system (in particular the nature of the renewables, 

and the flexibility of the system into which they are being integrated). For each 

market, we indicate the capture ratio between the capture price of solar and wind, 

respectively, and the average market price 

. 

 

 

 

 

 

 

 

 

 

Figure 1. Capture values and price cannibalisation in 37 different electricity 
markets worldwide (32).  

In many countries, the effect has led policymakers to supplement conventional 

‘energy only’ wholesale markets with additional supportive policies for wind and 

solar, not necessarily to contain the payment of subsidies, as happened in the past, 

but focusing on the reduction of investment risks for developers through some form 

of revenue stabilisation. 

Beiter et al. (33) provide a typology and overview of different renewable energy 

support schemes which create different exposure to merchant risk.   

At the low price-risk end, feed-in tariffs (FIT) pay the project owner a fixed price for 

each kilowatt-hour of electricity, with no market price risks for the generators. FiTs 

are usually set by a national agency (or similar), but can be determined competitively 

as well. Power Purchase Agreements (PPA) also effectively fix prices for generators. 
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These are typically set through competitive auctions with government counterparties, 

or directly through commercial business-to-business arrangements.   

At the other end of the risk exposure scale, are policies where renewables receive 

the market price with an additional premium. These premia can be fixed, as in the 

case of feed-in-premium (FIP) schemes, and government tax credits. These are 

usually set administratively. Tax credits can be either based on the produced energy, 

or the installation costs. Alternatively, premia can be variable, as in the case of 

Renewable Energy Certificates (REC), Renewable Obligations and Portfolio 

Standards. These add a variable additional revenue to what can be obtained through 

the energy market, with the additional price premia determined in response to 

contracts to fulfil mandatory decarbonisation requirements imposed by the 

government. The price of certificates can be determined through trading and may be 

affected by price buy-out or penalty rates applying to the policy.   

In between these two, contracts-for-Difference (CfD) come in multiple designs, 

spanning different levels of exposure to merchant risk. They can be categorised into 

symmetric (2-sided CfD) and asymmetric (1-sided CfD). The 2-sided CfD is similar to 

a PPA, in that any difference between its strike price and the reference price is 

compensated. However, this can be made conditional on market conditions, such as 

the CfD designs across Europe where price support excludes times when prices 

remain negative for longer than a specified number of hours (typically six hours or 

less).  

1-sided CfDs serve as a floor price for the generators but allow advantage to be 

taken of the upside, when market prices exceed the strike price. The 1-sided CfD 

can have many design differences, which are often described as sliding premium or 

sliding FIT. They can also be combined with a price cap to provide a cap-and-floor 

structure. 1-sided CfD strike prices or price floors are (normally) determined in 

auctions.  

The duration of support is also an important element to the degree of risk protection 

provided by a policy. Typically, revenues from a plant’s output will be subject to full 

merchant risk once it goes beyond this duration.  

Table 1 shows how different countries have applied these different schemes. It also 

includes reference to Ernst & Young’s (EY) “Renewable Energy Country 

Attractiveness Index” (RECAI) which ranks the world's top 40 markets on the 

attractiveness of their renewable energy investment and deployment opportunities. 

This gives an indication of the wider enabling environment in each country.  
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Table 1: Key characteristics of RES support schemes in different parts of the 
world. (34–36) 

Country 
Technolog
y Focus 

Funding 
Scheme / 
Headline RES 
support 
schemes 

Support 
Duratio
n 
(years) 

Likenes
s to 
UK/GB 

Price risk 
exposure 
(33) 

Renewable 
Energy 

Country 
Attractivenes
sa Index (37) 

Germany Offshore W 
Onshore W 
Solar PV 

1-sided CfD 

(Sliding 
Premium)  

20  High Medium 6 

Spain Onshore W 

Solar PV 

1-sided CfD - Medium High 10 

Netherland
s 

Offshore 
Wind 

1-sided CfD 15  Medium High 11 

Denmark Offshore 
Wind 

2-sided CfD 20  

(was 
~12) 

High Medium 15 

Australia Onshore W 

Solar PV 

PPA 

RO 

Typically 
15  

Medium High 7 

France Offshore W 2-sided CfD 20  Medium Low 4 

China Offshore W 
Solar PV 

Admin. & 
competitive feed-
in-tariff (for OW) 

20  Low Low 2 

Taiwan Offshore W Admin. & 
competitive feed-
in-tariff  

20  Low Low 30 

Belgium Offshore W Fixed OREC/RO 20  Medium Low 26 

South 
Africa 

Solar PV Feed-in-tariff/ 

PPA 

20  Low Low 34 

Chile Solar PV PPA 20  Medium High 12 

UAE Solar PV PPA  Low Low - 

Japan Offshore W 
Solar PV 

Feed-in-tariff 20-25  Medium Medium 8 

New York Offshore W 
Solar PV 

PPA/RO/REC 

Fed. Tax Credit 

20 
(REC) 

10  (Tax) 

Medium Medium 1b 

Texas (US) Offshore W 
Solar PV 

RO/var. OREC 

Fed. Tax Credit 

10 (Tax) High High 1b 

a Lower number is more attractive. 
b Applies to the entire United States. 

Some of these support schemes may have similar effects to the UK’s contract-for-

difference (CfD) implementation in terms of revenue stabilisation, but very different 

underlying market designs. This has implications on the overall investment 

landscape of an energy system, which is determined by more than just the headline 

policy scheme. In addition to specific revenue stabilisation policies, it is generally 

recognised that there is a need for a wider policy framework to support the entire 

energy system to create incentives for flexibility and deliver best value for money.   

To put UK policy choices into a wider international context, we investigate four 

countries to understand this relationship between revenue stabilisation policies for 

renewables and the wider market design arrangements. In the following sections, we 
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review the policy environments and market settings for Germany, South Africa, 

Australia and Texas with the aim to learn from a diverse set of funding schemes. 

This includes the type of technology, price risk allocation through the headline 

renewable energy support scheme and the wider market, overall investment 

environment for renewables, price formation mechanism in wholesale markets, 

system operation and likeness to the UK/GB energy system. 

2.2   Germany 

2.2.1   Overall energy policy environment 

Germany has a long history of supporting the development and roll-out of renewable 

energy. It has pioneered wind power technologies at a large scale, such as the 

GROWIAN, the world’s first 3 MW wind turbine in 1983. On the policy side, it has 

trailblazed renewables support in 1990, with the Stromeinspeisegesetz 

(StromEinspG), the world’s first feed-in-tariff law for green electricity and which is the 

predecessor of today’s Renewable Energies Act (Erneuerbare-Energien-Gesetz 

(EEG)). The country’s long-standing history demonstrates its commitment to the roll-

out of renewables, despite major changes throughout the decades. For example, 

major cutbacks on funding and a “capacity corridor” were introduced to slow down 

the growth of solar in 2012 to address rising consumer costs. A couple of years later, 

further build-out of anaerobic digestion was stopped over environmental concerns of 

biomass farming and its competition with food production.  

In recent years, onshore wind is experiencing ‘strong headwinds’ over state-level 

planning laws, slowing down the rollout. Part of the problem is the (arguably 

excessive) “distance to settlement” rules in Bavaria of 10H (i.e. distance to 

settlement ten times the blade tip height of the turbine), which in effect is a 2 km 

distance rule for new wind development. The rule is in contradiction with federal law 

that  that requires a minimum distance of 1 km, which is still essentially preventing 

construction in more populous parts of the country altogether or reduces the wind 

farm size to a handful of turbines. 

In its current inception from January 1st, 2021, the renewable energy act supports a 

variety of technologies, such as onshore and offshore wind, solar photovoltaics (PV), 

hydropower, anaerobic digestion and other. The exact rules are technology-specific 

in terms of funding conditions, but have a common basis. All but the smallest 

installations are subject to competitive procurement tendering (i.e. auctions) in which 

they bid for a sliding feed-in-premium support, which is essentially a one-sided CfD, 

for 20 years. This premium is funded via the EEG levy/surcharge on all consumers’ 

electricity bills, although generous exemptions apply for the “energy-intensive 

industry” (38,39).  

Participation in the auction is contingent on prequalification, which includes obtaining 

environmental permits and providing bid bonds, which are €30 /kW for onshore wind, 

€5/kW + €40/kW (bid+completion) for solar PV and €100 /kW for offshore wind, 
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representing ~3% of the total capex for each technology. Not fulfilling awarded bids 

are punished with the gradual loss of bond, and ultimately the loss of award. 

Awarded capacity is granted a grid connection, free of charge, at the point of 

production. For offshore wind this can be a considerable benefit, estimated (40) to be 

worth up to €35/MWh, and is thus a significant part of the overall project costs. 

Nonetheless, obtaining grid connection is far from trivial, as the country has almost 

1000 distribution system operators (DSO), which poses a challenge for solar PV and 

onshore wind in particular. For offshore wind, bids are made for individual clusters, 

for which the grid connection is pre-developed by the TSO, with a known connection 

date before the auction. For onshore wind and solar, grid connection is pre-

developed on a state level and realised for wind and solar priority areas through the 

responsible grid operator (i.e. one of the ~1000 DSOs up to 110 kV). In case of 

delays with the grid connection, mostly due to technical difficulties, the generators 

under the EEG get reimbursed for any damages. This is mainly the loss of income 

from electricity that would have been produced. 

In addition, grid congestion inside Germany is a rising challenge, with frequently 

occurring ‘redispatch’ of power plant due to the lack of transmission lines. 

Redispatch is carried out by the TSOs when the optimal dispatch, as determined by 

the market, cannot be fulfilled physically, for example, due to grid constraints. The 

grid build-out is further hampered by local opposition to essential additional 

north-south power lines. This is despite a concerted and constantly revised effort 

since 2012 to develop the necessary grid infrastructure (German: 

Netzentwicklungsplan) for net zero. The opposition is directed to the proposed new 

HVDC corridors which in 2022 are only in the later planning and consenting stage. 

Whilst wind generators are financially compensated for their losses, the resulting 

redispatch costs are levied onto consumers’ grid charges. Delays in offshore grid 

connections are also likely and frequent, exposing developers to energy price risks 

due to later start dates of project and increased maintenance costs, despite being 

able to claim for damages. Ultimately, all grid costs are levied onto final 

consumption, which involves a complicated charging structure by region, grid 

operator, consumer type and metering types(41). This is relevant for hybrid projects 

of renewables and storage, hydrogen production, demand-side response or 

self-consumption, impacting their business case significantly. 

2.2.2   Specific renewables support schemes 

2.2.2.1   Wind-auf-See-Gesetz (Offshore Wind Act) 

Offshore wind auctions are governed by the Offshore Wind Energy Act (WindSeeG), 

not the EEG, and are held by the Federal Network Agency (BNetzA). Two initial 

auctions were held in 2017/2018 for a capacity of 3 GW. A total of 29 prequalified 

projects took part in the auctions, with aggregate capacity of 8.7 GW and 

commissioning dates between 2021-2025 (42). In total, 11 awarded bids using the 

‘pay-as-bid’ mechanism were awarded. A third auction was held in 2021, with three 

additional successful bids, bringing the total auctioned capacity to 4.0 GW. 
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For this first round of auctions in 2017, the time span between bid award and final 

investment decision (FID) is extremely long compared to other auction schemes in 

Europe, with no FID expected before 2022. The press releases from the wind farms 

(43–47) confirm that FIDs for winning projects were planned for years 2020 – 2023, 

but the COVID-19 pandemic and the resulting uncertainty around power prices might 

have pushed these to the latest possible date. Future auction rounds will require this 

period to be no longer than 18-24 months after bid or grid connection. A revised 

version of the WindSeeG came into force by the end of 2020 governing the annual 

auction process from 2021 onwards for wind farms with a commissioning date after 

January 2026, with a capacity of 900-950 MW for the 2021-2023 auctions and 3 GW 

each in 2024 and 2025. This, however, is likely to be revised upwards in the light of 

more ambitious targets by the new ‘traffic light’ coalition government (i.e., social 

democrats (red), liberals (yellow) and the green party) that came into power in 2021. 

Whilst offshore wind auctions in 2017 and 2018 have produced ‘zero-subsidy bids’, 

which essentially means that wind farms are entirely financed on wholesale market 

revenues, final investment decisions are still pending and expected for 2022. More 

recently in 2021, all the offshore wind farms have bid zero. With more zero bids than 

available capacity, the decision of successful bids was made by drawing lots. This 

has also led to increased confidence for the realisation of earlier bids.  

More than half of the capacity awarded in 2017/2018 were zero bids, which means 

that projects rely entirely on electricity market revenues, indicating economic 

competitiveness of offshore wind with conventional power generation (34,48). The 

grid connection, which makes up 15-30% (34) of the overall project costs, is provided 

free of charge. This will most likely convince developers to participate in the 

WindSeeG auctions, rather than going ‘fully merchant’ with a power purchase 

agreement (PPA) only project. Higher bids can be observed for solar PV and 

onshore wind, with no ‘zero-subsidy’ to date (see further down). 

The headline-grabbing low bids of German offshore wind auctions require 

contextualisation, however. The 2017/2018 auction was fiercely competitive, 

oversubscribed by a factor three and losing the auction would block the route to 

market for these projects, as the cluster connections are fully occupied, and only 

later connection dates would be available. At the same time, project developer’s 

penalty for non-delivery would only amount to 3% of the total investment costs, 

which in total may have triggered extremely low bids and potentially contributed to 

the ‘winners’ curse’ (49). 

2.2.2.2   Erneuerbare-Energie-Gesetz (Renewable Energy Act) 

There are several types of auction in which solar can compete: 1: utility scale solar 

up to 10 MW, 2: innovation tenders, potentially with storage and competing with 

onshore wind, and 3: rooftop solar. In total 35 auction rounds accessible for solar PV 

with a procured capacity of 8.3 GW have been held to date since the 2014 EEG 

revision (38,50) and 1576 project bids were awarded. From 2017 onwards, only solar 

PV projects between 750 kW and 10 MW were eligible (51) and smaller projects are 

able to access a traditional FiT. Auctions were held at least three times per year until 
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2018 (52), increasing to five in 2019 and to seven rounds thereafter, including pilot 

joint solar PV/onshore wind auctions (53), which are dominated by solar PV projects. 

Like for offshore wind, the Federal Network Agency (BnetzA) organises and 

regulates the auction process. Only prequalified projects can participate and must 

prove the development status of the project and provide the initial bid bond and must 

be commissioned within 18 months from the time of award.  

Solar PV auctions in the beginning were heavily oversubscribed (38), which has led 

to quickly falling bid prices since the commencement of auctions in 2015. However, 

bids (and presumably costs) of solar PV installations with a commissioning date of 

2019 and later have been on a flatline trajectory, having largely stagnated around the 

€50 /MWh mark. This is likely due to the availability of land, project backlog, high 

labour and land cost, which reduces the significance of overall technology cost 

reduction. In addition, the advent of fully-merchant PPAs means that the best sites 

will be realised outside the EEG. For selected sites solar PV is being realised outside 

the EEG, even forgoing some of the benefits, such as free grid connection. However, 

grid costs are an order of magnitude smaller than for offshore wind, so not very 

relevant in terms of overall project costs. At the same time, project size restrictions of 

10 MW under the EEG are no longer valid and projects of 100 MW and more are 

possible (54). 

Onshore wind has technology-specific auctions – alongside technology-neutral 

innovation tenders, where solar PV outcompetes onshore wind consistently – which 

supports deployment. In a total of 23 auctions (not counting innovation tenders), a 

capacity of 12.6 GW has been procured by the end of 2022 with 1836 awarded bids, 

and an average price of €58.3±6.3 /MWh. The low prices observed in the 2017 

auctions – as low as €22.0 /MWh and on average €38.2 /MWh (capacity-weighted 

average for the whole auction) – have crept up again to over €60 /MWh (55) since 

the second half of 2018. Auctions are lacking competition and are undersubscribed 

in many cases (56).  

For onshore wind, the EEG has an emphasis on regional equity for the distribution of 

assets, to allow wind turbines to be built economically at less favourable wind sites 

with higher hub heights. This enables a regional distribution across the entire 

republic. For onshore wind this means that the ‘reference yield model’ adjusts the bid 

price post-auction to account for site quality. This will see the bid adjusted with a 

correction factor for their bid prices between 1.35 and 0.79 for wind sites with 60% to 

150% of energy yield (depending on the wind site conditions) in relation to a defined 

reference site. 

In Germany, solar PV is affected by price cannibalisation more than wind (32), which 

means that developers will have to face market price risks and expect decreasing 

revenues over time, something that assets within the EEG have to face to a lesser 

extent. 
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2.2.3   Wholesale market price formation 

Predating any price movements induced by events in 2021/2022, price 

developments in Germany’s power market were typically more predictable than in 

other countries, partly linked to long-term gas contracting and the feed-through to 

these to electricity prices due to Germany’s weighting towards the ‘energy-only’ 

market. In place of a capacity market, the regulator maintains consented 

disconnection allowance strategy for fossil generators before market exit to maintain 

capacity adequacy. This means that generators must ask the regulator for 

permission to disconnect and decommission a generator, which is only approved if 

sufficient capacity remains on the grid. Any extension of operation will be approved 

by the regulator on a cost basis and then levied onto consumer’s grid fees. 

This in turn generates investment signals in the wholesale spot market itself with 

price peaks and creates little interference in the price finding function of the spot 

market (32). In similar fashion, ancillary services markets are well aligned to the spot 

market and cause little price disruption as product lengths and gate closure times 

allow generators to provide ancillary services that are available for energy production 

anyway, reducing must-run capacity (57). About 38% (58) of all power consumed in 

Germany was traded on the largest exchange EPEX SPOT in 2019, the year before 

the pandemic. This provides important price signals to large parts of the market by 

proxy, incentivising optimal dispatch of plants. Germany is also heavily integrated 

into the European power grid with about 15 GW of interconnection capacity to 

neighbouring markets, which constitutes about one fifth of its total peak demand 

(59), creating further opportunities for capacity sharing, streamlining dispatch and 

providing reliable energy price signal for the largest power market in Europe.  

Figure 2 shows Germany’s day-ahead spot prices in €/MWh over the gross load 

minus solar and wind for the last decade. The shape of this curve, its scatter and 

reaction to extreme events (i.e. the ends of the curve) show the high predictability of 

prices in the power markets, when compared to other markets. (See Halttunen et al. 

(32)). 
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Figure 2: Germany’s day-ahead spot prices in €/MWh over the net-load (gross 
load minus solar and wind) for 2010-2019. The colour of the dots indicates the 
instantaneous penetration of wind and solar for each hour. For comparison with 
other countries see Halttunen et al. (32). 

As a result, prices in the German electricity market correlate highly with renewables 

output and time-dependent variables, such a time of day, weekdays and seasons. 

This holds true to some degree, even with the commodity price shocks observed in 

2021/2022. Overall (short-term) prices are still somewhat stable and predictable, 

albeit at a different level due to the change in the fundamentals (i.e. higher gas 

prices). Future prices are therefore predictable enough for actors to make investment 

decisions based on wholesale market price expectations, especially when 

accounting for the government’s stated policies for reliable build-out of renewables 

and closure of fossil generation and taking into endogenous (long-term) price shock 

scenarios. 

Government policies thus create an environment that not only fosters investments 

into renewables (i.e. through CfDs), but also changes the market setup and 

composition (e.g. coal phase out, hydrogen production, grid batteries). Whilst the 

coal phase-out will likely drive price levels and their volatility up, the introduction of 

hydrogen will reduce their volatility again. In terms of providing long-term outlook, out 

of 37 markets investigated worldwide, Germany has historically scored the highest in 

this category (32). This makes are good investment case outside the EEG using 

PPAs, despite inherent uncertainty of long-term price forecasts. Potentially strong 

policy measures on the demand-side (hydrogen, demand-side response, EU ETS 

carbon pricing) will further support developers as they tend to stabilise power prices 

in the long run. 
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2.2.4   Price risk allocation 

Beiter et al. (33) categorise Germany’s support scheme as medium price risk 

exposure, which is reflective of the overall situation. The exact exposure to prices, 

however, changes significantly on the relationship of bid price to the overall power 

price (expectations) for the project. The immediate counterparties for the arising 

long-term price risks of the subsidy component of payments lies with the German 

Transmission System Operators (TSOs), which shift the costs onto all consumers 

through the EEG levy onto their electricity bills. Not all price risks are covered 

through the RES support schemes, and increasingly low bids shift this risk towards 

the generators (see Figure 3 below). The sliding-premium setup of Germany’s 1-

sided CfD means that revenues bear significant short-term price risks, as the CfD 

strike price acts as a floor price. The policy mandate of “direct marketing”, which 

requires trading of (almost) all renewable electricity through third-party aggregators, 

sees all renewable electricity sales facilitated through PPA-style arrangements or 

spot-market sales and thus requires appropriate risk hedging strategies (e.g. long-

term PPAs).  

The long-term market price risk allocation under the EEG’s one-sided CfD is firmly 

allocated on the side of the households and smaller electricity consumers and some 

non-energy-intensive consumers (i.e. below 1 GWh/a and energy costs are below 

15% of total costs) for CfD strike price (bid prices) significantly higher that market 

average prices. A high strike price means revenues for generators are (seemingly) 

safe. Large energy consumers are largely exempt from paying the EEG levy, thus do 

not assume the price risk of the national renewable energy portfolio. 

 

 

Figure 3: Market price exposure in relation to the strike price 

For strike prices close to or below the market average, market price exposure of 

renewable investment is increasingly exposed to (and thus financed on) power 

market prices only, with some offshore wind farms being fully financed on market 

terms. Bids from the solar PV and onshore wind auctions indicate a certain ‘sweet 

spot’ around the average market price, where some risk hedging is still provided long 

term, whilst being able to monetise some of the market upside. This can be seen in 
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Figure 4 by the ‘levelling off’ of the strike prices in solar auctions around the (long-

term) average wholesale electricity price. 

 

Figure 4: Raw bid prices from Germany’s solar auctions and average long-term 
market price (2015-2019) (60) 

 The absence of bids between this sweet spot and zero bids shows that there is no 

competitive advantage for winning projects by going lower than this, whilst increasing 

market price exposure significantly, which is similarly high when bidding zero. The 

frequency of auctions for solar PV and onshore wind (i.e. on average every three 

months) and the currently low level of competition means that financial costs of not 

being awarded a CfD in a specific auction are low, as the company can bid in the 

next auction and tune its bidding behaviour based on past results. 
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Figure 5: Harmonised expected revenues for the lowest bids in Germany for 
solar (left) and offshore wind (right) as a function of the future power price 
development. Changes indicated are in percent per annum based on 2015-2019 
average wholesale electricity prices. Adapted from(34) 
 

The use of PPAs is still in its infancy in Germany. They are mostly used to generate 

additional revenue for legacy onshore wind farms after the end of the legacy 20-year 

FiT funding period or to facilitate the sale of electricity under EEG’s direct marketing 

scheme since 2012 (61). However, the PPA market for solar PV is generating new 

capacity outside the EEG (54,62), which means subsidy-free solar is actually being 

realised ‘fully merchant’, which further supports the logic of not bidding zero-subsidy 

bids in the EEG. In addition, solar PV assets from PPA deals are typically larger than 

the 10 MW plants possible under the EEG, leveraging economies of scale to make 

the project viable. Most analysts see the PPA market grow significantly over the next 

couple of years (63), despite PPA projects being more risky investment than EEG-

based projects (64,65).  

2.2.5   Overall investment environment 

Upcoming policy changes in the 2021 EEG revision will see an increase in auctioned 

capacity across different technologies, introduction of cost caps, the introduction of 

innovation tenders (i.e. technology-neutral next generation auction procedures), tight 

integration with the hydrogen strategy and incorporation of more ambitious climate 

targets. The entire process has been debated heavily, especially arguing over 

investment conditions for developers. In one example, policy makers wanted to 

introduce negative bids to the EEG auction system in a two-step auction process for 
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offshore wind, to further drive down costs and recover some of the grid connection 

costs. The state’s role would have transitioned from a procurer to seller (of seabed 

rights). It was the desire to address high offshore grid connection costs by extracting 

rent from offshore wind projects and lower consumer’s bills. This has found fierce 

opposition from the industry, which had advocated for a UK style CfD system (66). 

The debate concluded in a compromise, which in essence sees the continuation of 

the current system as is (67). This example is a showcase for German policy 

making, based on consensus and reason, which in part provides the highly reliable 

larger policy environment. 

The recently elected parliament has led to change in government. This sees the 

social democrats leading a coalition government with the green party and the liberal 

democrats. Their coalition agreement envisages a step change by 2030 such that 

80% of all electricity consumed would be from renewables, some 600 TWh. This 

means reaching 200 GW of solar PV, 30 GW of offshore wind and 10 GW of 

electrolysis by 2030. The coal exit will also be accelerated by up to eight years to 

2030 as well, which at the time of writing in May 2022, is still the intended – and 

indeed legislated – pathway, despite the effort to reduce reliance on Russian gas 

imports (68). Reducing the reliance on Russian gas is intended to be achieved by 

building two LNG terminals in Germany, (69) with plans to phase out all gas-powered 

generation by 2040. 2% of Germany’s area will be earmarked  for onshore wind (70). 

The outgoing government itself had set things in motion for the world’s first hydrogen 

offshore wind auction, “sometime” in 2022 (71). 

The renewables support policy is embedded in a wider policy landscape of 

streamlined and high-efficiency power and ancillary services market designs. Add to 

that the rollout of heat pumps for heat decarbonisation has crossed the threshold of 

over 50% in new-build housing in 2020 (72) and will be providing flexibility to the 

electricity market in the medium term, a strong hydrogen strategy and a tight 

European integration on all levels. Said market integration of renewables is a 

long-standing policy goal in Germany, which has created markets ‘fit for purpose’, 

creating visibility for investors. 

The German ‘Energiewende’ is of course not without its controversies, despite 

generally supportive policies on low carbon transition. So far, the policy programme 

was lacking decisive action in addressing CO2 emissions from coal, especially 

lignite, and heavy industry. The coal exit compromise, which foresaw a phase out of 

all coal generation by 2038, is another example of consensus-based policy decision 

making, which often leads to policies unfit for reaching net-zero sufficiently. In the 

light of the war in Ukraine and a new government taking office, this has now been 

brought forward to 2030, setting aside the decision in the time-consuming and costly 

coal exit compromise. The decision of levying RES support costs mostly on 

household consumers to protect industrial consumers revenues or the construction 

of the (and now defunct) Nord Stream 2 gas pipeline are counterpoints to the 

otherwise supportive environment for investment in renewable energy. 

Overall, Germany provides a well-developed market environment. The funding 

structure means that investment signals depend more on market prices than 
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elsewhere, but price developments follow fundamentals more than elsewhere as 

well, which creates good visibility for investment. 

Access to capital and the resulting low rates of weighted average cost of capital 

(WACC) are encouraging signals to investors. A survey in 2019 has revealed that 

the WACC for onshore wind was 1.3-2.5%, the cost of debt 0.8-1.8%, the cost of 

equity 2.8-7.8% and gearing ratio of 77/23-100/0 was applied. The WACC for 

offshore Wind was found to be 3.5-9.0% (73). 

When considering the long-standing commitment of Germany to the energy 

transition, with its (mostly) holistic approach to policy making, and despite major 

policy changes and challenges, the country provides a fundamentally reliable 

investment environment, due to its overall direction and clarity. This gains Germany 

the overall 6th position in Ernst&Young’s Renewable Energy Country Attractiveness 

Index (RECAI) (37). 

2.3   South Africa 

2.3.1   Overall energy policy environment 

As a signatory of the Paris Agreement, South Africa has committed to peaking its 

emissions by 2025 with subsequent plateauing and reduction thereafter (74). In the 

medium term until 2030, the country’s policy is governed by the Integrated Resource 

Plan (IRP) 2019, which set the country on a path to reduce its emissions, 80% of 

which are originating in the energy sector (including oil and gas) and 50% in the 

electricity sector. By building 20.4 GW of renewable energy, 14.4 GW of wind and 

6 GW of solar PV by 2030, alongside measures for energy efficiency and increases 

in public transport, the country seeks to decrease its use of coal for power 

generation. The net-zero trajectory has committed the wholly state-owned utility 

Eskom to net zero-emissions by 2050. For the long-run, the country relies on the 

Low Emission Development Strategy (LEDS) to move towards net-zero. However, 

legislative action is yet to enshrine these targets into law. (75) 

South Africa’s generation mix is heavily dependent on coal power plants (83% of 

demand) with an installed capacity of 38 GW (76), which makes it the country with 

the highest coal-reliance of all G20 countries (77). The country also operates one 

nuclear power plant and several diesel and gas power plants. Renewables have a 

combined installed capacity of 8.3 GW, covering hydropower, wind, solar and 

concentrated solar power (76,78). Eskom is South Africa’s vertically-integrated 

national utility (79) and the country’s largest GHG-emitter. It supplies 95% of the 

electricity demand (79,80) and manages all aspect of generation, transmission and 

distribution.  

South Africa’s power sector is failing to supply enough electricity to match the 

demand. Decades of low investment activity in new generation capacity has left the 

country with an ageing power plant fleet. In large part due to the supply gap derived 

from company mismanagement with severely lacking maintenance and virtually no 

investment in new generation capacity from the private sector, which further 
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entrenched Eskom’s monopoly status in the electricity market (81–83). The lack of 

maintenance of its existing fleet, has left the country facing an existential economic 

and social crisis, which have led to a loss in GDP by up to 10% (R300bn, 

approximately $20billion) by 2014 (84). The existing coal fleet has an average age of 

39 years old and fleet-wide availability was down to 65% in 2020 (76,78,85). Since 

2018, continuous scheduled load shedding across the country is part of daily 

operations (82,84), which has occurred for at least 43 days, or roughly 10% of 

operating hours (76) and between April 2020 and March 2021. 

Eskom’s central position has made it vulnerable to ‘state capture’, which has brought 

it to the brink of bankruptcy and cash flow issues prevented maintenance of existing 

assets or providing reliable services (79,86). In an attempt to remedy the situation by 

the government, the utility’s operation will be unbundled by December 2022 into the 

three separate subsidiaries (83,87), which should improve Eskom’s financial position 

significantly. However, the fact that Eskom can only service about R200bn of more 

than its R464bn in debt by itself and that only a government bailout of R128bn in 

2019 prevented the total financial collapse shows the long road to recovery (86). 

This is exacerbated by outstanding payments of more than R35bn, owed by the 

municipalities for services already delivered. 

The government’s ‘Integrated Resource Plan 2019’ expects that the supply gap of 

2-3 GW will persist for at least five years, mostly due to the decommissioning of 

11 GW of coal power (88). In March 2021, Eskom announced that the situation will 

be even worse, indicating a generation shortage of 4 GW for another five years, due 

to planned and unplanned maintenance activities and delays in bringing additional 

capacity online (76,78,85). The government’s emergency power procurement has 

taken measures to address these issues with a procurement plan of 28 GW in new 

capacity additions to narrow the gap by 2030 (87,88). Improving the supply situation 

comes at a considerable cost and the country requires reliable, secure, and 

affordable energy generation, for which onshore wind, solar PV, and concentrated 

solar power are being actively explored to reduce the reliance on fossil fuels.  

2.3.2   Specific renewables support schemes 

2.3.2.1   Risk Mitigation Independent Power Producer Procurement    

Programme  

The South African government has implemented a Risk Mitigation Independent 

Power Producer Procurement Programme (RMIPPPP). This is an attempt at 

reducing the gap between demand and supply by procuring 2 GW of emergency 

supply capacity, which was estimated to be online by June 2022 (89). These 

auctions would lead to long-term PPAs between the awarded generators and 

Eskom, which function as FiTs due to the monopolistic structure. This capacity 

includes renewable generation, storage and gas-powered generation. Four out of 

eight winning bids receiving a PPA with Eskom are RES power plants, while the rest 

relies (at least partially) on liquified natural gas (90). The largest contracted capacity 

of 1,220 MW (out of 1,845 MW) will be fulfilled by so-called “power ships”, which are 



21 

vessels outfitted with gas or heavy fuel oil generators to produce electricity (91). The 

overall costs for emergency power solutions could amount to R218bn, as the power 

average price is approximately R1,600 /MWh for a 20-year PPA (92). The decision to 

use the power ships has recently been rescinded by the energy ministry due to a 

negative environmental impact assessment (93), exemplifying investment risks in the 

current situation, but also the country’s desperation for reliable, secure, and 

affordable energy. 

2.3.2.2   Renewable Energy Independent Power Producer 

Procurement Programme  

In 2011, the country’s Department of Energy (DoE) (now Department of Mineral 

Resources and Energy (DMRE)) set out to strengthen the generation mix, allowing 

independent power producers to feed into the grid and add renewable capacity 

through the Renewable Energy Independent Power Producer Procurement 

Programme (REIPPPP or REI4P) (81,94,95). The REIPPPP auction scheme follows 

a multiple-item format and the auctioned volume for each round is split into different 

technology bands. Renewable generators can bid for grid access and subsidies in an 

auction, which is then implemented as a 20-year power purchase agreement (PPA). 

The immediate counterparty is Eskom and financial payments are ultimately 

guaranteed by the government (96). 

Four bidding rounds with a capacity of 6.3 GW have been held to date (96). Overall, 

the REIPPPP was successful in encouraging falling prices for renewables (see 

Figure 6), high project realisation rates of 95% for the first three rounds, and limiting 

market concentration (95,96). However, Eskom refused to sign awarded PPAs in the 

fourth bidding round over concerns that it would impact their balance sheet 

negatively in the future, despite government guarantees (97) jeopardising 

investments in clean generation in favour of new coal generation (97). This means 

that the unclear and/or unsatisfactory regulatory framework for cost recovery from 

the REIPPPP (and RMIPPPP) will pose a challenge for further renewables build-out 

(94,95). In addition, delays in announcing the fifth round led to the loss of some 

manufacturing capacity in the country (98), which exacerbates the fact that 

manufacturing and installation facilities for large renewable projects are often lacking 

in emerging economies, contributing to additional capex. 

The fifth round was opened in April 2021 and closed in August 16, 2021 (99,100) 

and is set to procure 2.6 GW of renewables capacity, 1.6 GW onshore wind and 1 

GW solar power (99). The auction scheme features a weighted point-based system, 

in which the bid price accounts for up to 90% of the total score, and 10% based on 

economic development scores, such as job creation and skill development, local 

content, ownership and management control as well as contributions to the local 

community, with distinct requirements for SA citizens, especially black people and a 

special emphasis on black women and black youth. This is a marked departure from 

the fourth round in which the price requirements were weighted with 70% and shows 

the stronger emphasis on economic performance in the auction, likely increasing the 

economic pressure (101). Local and international project developers are allowed to 
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bid, given that they comply with the auction criteria above and provide proof of 

financial standing, environmental consent and ten years’ worth of energy sales 

forecasts (in the case of solar PV). The pay-as-bid principle in the bidding procedure 

is applied and payments are made in South African Rand (ZAR), adjusted for 

inflation in line with the South African Consumer Price Index. 

The responsibilities of securing project sites and obtaining grid access from Eskom 

or relevant municipal distributors also fall on the project developers (102). The 

ministry has also stated that the qualification criteria require projects to be fully 

developed before bidding and operational in 12-24 months after taking FID (98). 

Successful bids close a 20-year PPA with Eskom, regulated by the National Energy 

Regulator of South Africa (NERSA) and backed by “Implementation Agreements” 

with the government. Implementation agreements have their own conditions 

attached, but serve as a fallback option in the (not highly unlikely) case of default by 

Eskom (103).  

Until FID has been reached, the awarded bids can be adjusted to reflect changes in 

projects’ investment requirements (102). 24 to 30 months is the typical lead time 

(allowed) for projects to reach commercial operation from FID (104,105). Delays in 

operation are penalised by shortening the support length by one day for every day 

that operation is delayed, until potential contract termination after a delay of 18 

months. In addition, fiscal penalties apply and can lead to termination, if economic 

development requirements are not adhered to (39,102).  

  

Figure 6: Awarded bids for solar PV and onshore wind in South Africa. Wind 
data from (106), solar data from Department of Mineral Resources and Energy 
Renewable Energy Independent Power Producer Programme. 
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By early 2021, 4.2 GW of solar capacity was installed in South Africa (107) and 

analysts forecast an annual growth of 10+% until 2026 (108). To date, 2.2 GW of 

solar have been procured through REIPPPP auctions, with an expected 1 GW to be 

added in 2021. Additional capacity has been awarded through the RMIPPPP 

programme, e.g. the 150 MW solar PV and storage project in the Northern Cape 

region which is part of a larger 540 MW solar farm and linked to a 225 MW/1.14  

GWh of battery storage (109). However, we expect the REIPPPP programme to be 

the main driver for capacity additions in the future. 

A total of 45 projects have been awarded under this programme, and the latest are 

expected to be online no later than October 2021. Solar PV projects are to be no 

smaller than 1 MW and no larger than 75 MW in order to participate. We can 

observe projects at both ends of the scale, but the average capacity of the projects is 

around 50 MW, which indicates that developers choose to build preferably larger 

projects as to leverage economies of scale. The capacity-weighted average of all 

four previous rounds is R1537 /MWh (approximately $90/MWh). However, this 

includes bids dating back to 2011, when the overall cost of solar technology was 

considerably higher than it is today. Early projects that came online between 2014 

and 2016 had significant cost reductions, some over 30% per year, whereas later 

projects have slowed down to single digits cost reductions (~5%).  More indicative for 

the future is the lowest bid observed so far at R771 /MWh, which may come at lower-

than-average system generation costs, making it virtually subsidy-free for the South 

African electricity consumers. 

The bidders must provide a bid bond of R100,000 /MW. Successful projects pay an 

additional R200,000 per MW and also must pay a development fee of 1% of the total 

capex (105). Developers pay for the grid connection as well as transmission network 

charges (in R/kW) to Eskom, although projects in the Cape and Karoo zones are 

exempt from this (110).  

The capacity cap of 75 MW for solar and 140 MW for wind still holds true for the fifth 

round of the REIPPPP programme. The bid window 5 was keenly awaited by many 

developers who had developed projects waiting for access to the market after delays 

in getting the round off the ground (111). In addition, projects must ensure that 

sufficient grid connection capacity is available to operate the project. For this 

purpose, Eskom publishes the available connection capacity for any potential 

projects. Eskom’s grid constraints mean that projects will be slightly more dispersed 

across provinces (112), causing bidders to choose slightly worse meteorological 

conditions, as there was no available capacity in the Northern Cape region for bid 

window 5 (113). 

In total, 63 bidders for 1 GW of solar capacity (112) have been registered. Assuming 

the average project size from the last four rounds of 50 MW, the round will be at 

least three times oversubscribed, although developers might have even larger 

projects on their books, considering the increased size cap of 75 MW. The results 

from the fifth round show that 13 solar projects have successfully bid, with prices of 
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R431±52 /MWh (min: R375 /MWh); max: 484.60 /MWh). All projects were awarded 

with the maximum possible capacity of 75 MW (101).  

While solar has taken the centre stage in recent years in South Africa, onshore wind 

has been in operation for years. The accumulated capacity from the first four rounds 

of the REIPPPP tender is 3.4 GW, with 2 GW in operation and a further 1.4 GW 

under commissioning. Wind farms in operation are 92 MW on average and 126 MW 

for the newer ones under construction (114). Prices in the last four auctions rounds 

have been consistently lower than for solar PV and average bids for the fourth round 

were R620 /MWh, lower than the lowest bid observed so far. The lowest bid for 

onshore wind is at R560 /MWh (96), which firmly puts it into the zero-subsidy area, 

as for solar PV mentioned above. 

For onshore wind 39 bidders are participating in the fifth auction round of 1.6  GW of 

capacity (112). Assuming future wind farms, which have a capacity cap under 

REIPPPP of 140 MW, are of similar size as the ones currently under construction, it 

is likely that about 5 GW of onshore wind are in the developers’ pipeline. Thus, the 

1.6 GW of capacity in the auction would be oversubscribed by factor three. This will 

lead to fierce competition, especially when considering the project backlog due to 

delays in the fifth round and ultimately very competitive pricing. The results from the 

fifth round show twelve successful onshore wind projects have won bids, at an 

average capacity of 134 MW – only two projects were below the 140 MW capacity 

cap – and an average price of R494±81 /MWh (min: R344 /MWh; max: 

R617.70 /MWh)(99). 

The country also has recently lifted the capacity ceiling above which licensing is 

required for distributed generation (including solar). This will help to build capacity 

outside the REIPPPP, paving the way for potentially lower cost solar (115). 

South Africa has large offshore wind resource potentials along its coastlines 

amounting to several hundred gigawatts (116) with significant technical potential in 

its EEZ (116–118). This is paired with a challenging bathymetry of a continental shelf 

falling off steeply close to the coast. This limits the potential for traditional 

bottom-fixed offshore wind turbines to a few locations to 45 TWh/a at depths of 50 

metres and less. The wind potential of 2400 TWh/a at depths of up to 1 km (118) is 

firmly in the realm of floating offshore wind turbines, a technology still being refined 

in the most mature markets in Europe. 

A recent study finds that 5-8 GW of potential is instantly economically exploitable 

with bottom-fixed offshore wind turbines at no extra cost to the system, assuming 

prevailing macro-economic conditions in the country. A much higher potential would 

be accessible if financing costs were reduced. A reduction in WACC would increase 

this multiple times (119). An international developer of floating wind farms partnered 

with a local enterprise in May 2020 to plan the first offshore wind farm (120). Given 

the state of the technology in Europe, actual construction will not happen instantly, 

but the Global Wind Energy Council ranks the country in the top three future wind 

markets in 2025 (121). Despite the available wind resource, plan for the exploitation 

of offshore wind have yet to be announced.  
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2.3.3   Wholesale market price formation 

As a vertically-integrated utility, Eskom covers all aspect of generation, transmission 

and distribution for South Africa. Generally, households and businesses cannot 

choose a different supplier electricity. There is no wholesale market environment for 

generators and consumers to trade. Instead, all dispatch decisions are made within 

Eskom’s structure, following regulations. Price formation is therefore implicitly given 

within the business model, but cannot be observed from the outside. Eskom’s 

financial difficulties mean that pricing of services and generation costs was not 

aligned with the revenues realised and thus a mismatch is likely to have occurred. 

2.3.4   Price risk allocation 

According to Beiter et al. (33), South Africa’s REIPPPP programme has a low market 

price exposure. In fact, the 20-year PPAs closed between the generator and Eskom 

are at the long end of typical support schemes lengths. In addition, the price inflation 

risk is mitigated by an adjustment to the consumer price index (CPI), which means 

that the support payments are constant, in real terms. ESKOM is the counterparty 

and thus accepts the (inherent) price risk. 

In any case, market price exposure can only remotely be assumed through Eskom’s 

activities, due to the absence of a wholesale market altogether. This will have 

challenging implications for the continued operation of the assets after the funding 

period to finance ongoing operation, assuming no wholesale market has emerged by 

then. Price risks for generators are mostly of an administrative nature, where the 

underperformance of the asset will be penalised. To summarise, Figure 7 shows the 

market price exposure for a solar PV plant, with an assumed lifetime of 25 years. 

Due to the contract structure, virtually all the price risk stems from the period after 

the end of Eskom’s PPA. 



26 

 

Figure 7: Harmonised expected revenues for the lowest bids in South Africa for 
solar as a function of a future power price development in a hypothetical market. 
Adapted from(34) 
 

Without access to a wholesale market, the RMIPPPP or REIPPPP programmes are 

(almost) the only routes to market at the current stage. Very recently however, news 

has emerged on possibilities outside of auction, with individual companies tendering 

PPAs, to improve their carbon footprint and gain access to reliable electricity at lower 

prices (122). Whilst no contracts have been closed yet, and henceforth no capacity 

realised through these schemes, one could imagine a more dynamic world, with 

shorter PPA lengths, which then negotiated and traded on shorter timespans than 20 

years, from which market price uncertainties could arise. 

2.3.5   Overall investment environment 

The larger policy environment has set the stage for reaching net-zero in 2050. South 

Africa has one of the best wind and solar potentials in the world and exploiting it for 

clean energy should be at virtually no extra cost to consumers. However, the 

net-zero target is yet to be implemented legislatively and necessary reforms and 

planning have yet to be carried out. For the medium-term, the country has set out a 

plan for changes up until 2030, but a comprehensive plan on how to reach net-zero 

beyond this is still pending. Necessary structural changes to facilitate the energy 

transition are in progress and the outcome of these may not come into full effect 
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before the mid-2020s. For example, the unbundling of Eskom, though repeatedly 

announced, will not happen before the end of 2022 at the earliest. 

First, structural shortcomings in the electricity system, such as the absence of a 

wholesale market or a shortfall in transmission capacity, hinder the roll-out of 

renewables in several ways. The absence of a wholesale market means that 

investors have little visibility of the value of their renewables assets in the long-run 

and few routes to the market to realise projects. The main means to realising 

renewables projects is through the REIPPPP and RMIPPPP programmes, both 

contingent on government policy and interaction with Eskom. The delays in 

announcing the fifth REIPPPP round and subsequent decline in companies in the 

field is symptomatic for this. Although the government has repeatedly confirmed the 

roll-out of renewables, there is no reliable schedule on when auction round six and 

seven are taking place, making it difficult for investors to upscale their economic 

activities. Add to that the relative scarcity of renewables auctions, and it makes a 

difficult decision for the overall investment landscape in the field. 

Second, Eskom’s precarious financial situation, its pivotal role for the country’s 

economy and contribution to the overall GHG emissions, emphasise how politicians 

are ‘walking on hot coals’ with this issue. It is imaginable that policy makers want to 

overexert political power over the utility, potentially scuppering the unbundling in all 

but name. Additionally, cost pressures on Eskom might tempt the utility to protect its 

profitable parts of the business and delay the rollout of renewables in an attempt to 

recover more cashflow from its existing coal fleet. 

Despite being a relative stable and prosperous economy, when compared to its 

immediate neighbours, South Africa has major macro-economic issues. The country 

has an high average inflation rate of 6.67% (2000-2019)(123). The ongoing 

economic problems, partly due to its energy crisis, has put the country’s currency 

under pressure for a long time, where the exchange rate in 2000 of 6.94 R/$ has 

deteriorated to 16.49 R/$, exposing investments in Dollars, Euros or Sterling to 

significant currency risks. This is somewhat offset by CPI adjustments in renewable 

energy projects, but causes problems attracting the necessary funding, nonetheless. 

As a result, the weighted average cost of capital (WACC) is significantly higher when 

compared to mature western economies. The WACC for large renewable projects in 

South Africa is 11.24%, which can be approximated from several studies (124–140). 

This is especially relevant for the cost of debt, although first studies indicates that 

this disadvantage may vanish over time as markets mature (141) and the incumbent 

coal generation has a perceived increased in investment risk, which to date stands to 

have a WACC of 8.0% (142,143). The outlined investment environment in the South 

African markets gains it the 34th position in Ernst&Young’s Renewable Energy 

Country Attractiveness Index (RECAI) (37). 
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2.4   Australia 

2.4.1   Overall RES policy environment 

Australia is rich in natural resources and mining contributes 10% to its GDP(144). 

With its abundance of open pit mineable coal deposits, it is the largest coal-exporting 

country in the world and third largest fossil fuel exporter (145), despite the ban of 

Australian coal imports by China in 2020 and the fact that coal mining adds little to 

the overall employment of Australians (146). The country is also the second largest 

producer of uranium (147), despite not having nuclear power plants itself. At the 

same time, the country is blessed with excellent solar and wind potentials across 

most of the continent. 

Considering the favourable conditions for renewables, and despite the low costs of 

thermal coal, investments in renewable energy sources are outrunning those for 

fossil fuels at an astonishing pace. Renewables capacity is being added ten times 

faster on a per capita basis than the global average and still four times faster than in 

Europe, China, Japan or the US (148). However, Australia’s generation mix is still 

dominated by fossil fuels, with 54% of the energy from coal (hard coal and lignite), 

20% from fossil gas and 24% from renewables (149). The share of fossil fuels 

capacity is expected to drop to 28% by 2030 (150) with a half dozen coal plants 

exiting the system over the next 15 years (148). More recent news from December 

2021 indicates that the energy transition is happening much quicker than previously 

anticipated and coal could retire at three times the expected pace, with all lignite 

power plants retired by 2032 (151). 

As a federal nation, decisions are taken by the central federal government, six state 

and two territory governments. Nonetheless, Australia’s previous Conservative 

government has committed the country to reducing its GHG emission by 26-28% 

below 2005 levels by 2030 and to reach net zero by 2050. This goal has not 

changed with the new government, but prospects of actually reaching the target 

have risen. The constitution allows for climate change action to be taken on state 

and federal levels, but in the absence of federal policies, states have a history of 

‘stepping up’ in the face of inaction (152). Tension between federal and state 

governments was exacerbated by events in September 2016, where power lines 

were severed and customers in South Australia were left without power for more 

than 24 hours, after which the ‘Finkel Review’ identified an ‘unclear allocation of 

regulatory and operational responsibilities’(152). 

Given the political struggle and the emergence of ‘competitive federalism’ it seems 

unlikely that policies of the previous government were sufficient to reach the 

emissions reductions needed. In fact, GHG emissions reductions have stalled, 

despite an accelerating rollout of renewables. The federal energy strategy is 

embedded in wider foreign policy to build links within the region and to support 

Australia’s mining industry, for example producing hydrogen from lignite for the 

Japanese market (153). The country’s energy policy is characterised by two decades 

of back and forth and the absence of necessary policy measures on a federal level 
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and a cacophony of state-led policies as a result of that, are challenging the setup of 

federal energy and climate policy itself (152,154,155). In contrast to the federal 

government, which prefers a recovery built on natural gas for the domestic market, 

all state governments have adopted net-zero targets by 2050 (148,152). In 2022, 

Australia elected a new government which is more ambitious on climate than the 

previous one. The effects of the new federal government on specific policies are yet 

to be seen. So far, climate action falls behind the election promises, and is failing to 

address Australia’s global role as a major coal exporter (156).  

A wide range of targets were introduced by the states, to continue renewables rollout 

and target GHG emissions beyond 2020. Queensland (QLD) has set a target of 50% 

renewable electricity by 2030, the Australia Capital Territory (ACT) has legislated a 

100% renewable energy target by 2020 and reached it some months before the 

deadline (157). Victoria (VIC) has set a target to use 25% of renewable energy 

sources by 2020, 40% by 2025 and 50% by 2030, with the 2020 hurdle successfully 

taken in time (158). South Australia is committed to cover 50% from renewables by 

2025 (with the target reached in 2017 already), New South Wales had set a target of 

20% by 2020 and the Northern Territory (NT) adopt a 50% renewable energy target 

by 2030. (152,159) 

Earlier renewables investments were in wind power, currently standing at 7 GW 

(meeting 10% of total electricity consumption) with this expected to quadruple by 

2030 (150). However, the main focus going forward is solar PV. The deployment of 

solar is second to none in the world, with the highest per capita capacity of rooftop 

solar, recent additions of utility-scale solar PV and a rapidly-evolving solar PPA 

market (148). With about 2.7 million PV installations (160) in total and a as much as 

40% of homes with solar PV in some states (i.e. Queensland (QLD) and South 

Australia (SA), ~25% for all of Australia)(161). Some analysts estimate that solar will 

grow from 22 GW in 2021 to 80 GW by 2030 (150), with an estimated peak 

production of 38  GW (162). Solar is already covering up to 66% of maximum 

capacity in individual states (New South Wales (NSW) and QLD) and 62% in SA, 

and up to 78% of instantaneous demand in SA, but 30-40% in the rest (163). 

Rooftop solar is king in Australia, with 50% of the installed capacity system coming 

from 10 kW systems or smaller (161). Since 2018, however, a continued trend 

towards larger systems has emerged.  A marked uptick in the installation of systems 

larger than 30 MW since 2019  can be observed, driving most of the acceleration in 

capacity additions (164). By 2030, mostly driven by solar PV, the share of electricity 

from renewables is set to reach 70%, facilitated by frequent auctions and feed-in 

tariffs (150).  

This goes in line with recent announcements of megaprojects within a league of their 

own. One example is the planned Australia-Asia Power Link scheme (a.k.a. Sun 

Cable), which is planned to link 17-20 GW of solar PV and 36-42 GWh of battery 

storage to Singapore, due to complete in 2027 (165). The solar array in the Northern 

Territories would supply 15% of Singapore’s electricity demand using a 5,000 km 

high-voltage direct current cable (HVDC) cable. The federal government has 

announced that it will fast-track the ambitious A$30bn scheme (166), which will 
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provide electricity on commercial terms without any subsidies. At the same time, 

studies are carried out in linking the Northern Territory to Alice Springs, potentially 

laying the groundwork for further interconnection with the more populated east of the 

country (167). 

Grid connection issues are plaguing the Australian electricity system, which 

struggles to keep pace with the expansion of renewables capacity. The Australian 

Market Operator (AEMO), responsible for market and system operation, is 

addressing this by increased transmission infrastructure, for example the ‘Energy 

Connect Project’ between Wagga Wagga and Red Cliffs, reinforcing the 

transmission grid (168). The Snowy 2.0 hydro scheme, operational in 2025, will add 

2 GW of pumped-hydro capacity to the energy system, with the stated goal of 

balancing renewables (169). Holding the title of the world’s largest battery, the 

150 MW Hornsdale Power Reserve is providing balancing and ancillary services 

(170). The scheme has kept the lights on during a 17 days system separation event 

in 2019 and has recovered its initial construction costs in just two and a half years 

(171). Even larger batteries are planned, like the 1.2 GW in NSW (172), 

foreshadowing massive investments in grid and balancing infrastructure whilst 

renewables developers move towards solar+wind+storage hybrid projects. Overall, 

this shows the irrelevance of the (previous) federal government’s policy (inactions). 

2.4.2   Specific renewables support schemes 

2.4.2.1   Federal Renewable Energy Target Scheme (RET) 

Funding and investment security for existing wind farms comes mostly from the 

federal Renewable Energy Target Scheme (RET), which is a tradeable certificate 

scheme. The scheme initially mandated 41 TWh of renewable generation by 2020, 

but was lowered 33 TWh (23.5% of demand) in 2015, which makes Australia’s 

energy policy unique among any of the G20 states in that it has reduced renewables 

targets over time. The renewed 2020 target was reached one year early, but no 

target increases beyond the 33 TWh were announced by the end of 2022. In fact, the 

federal government refused to extend the scheme, leading to considerable 

uncertainty for investments, and ultimately rendering the federal policy irrelevant for 

incentivising new investment in renewable energies. Once again, the slack was 

picked up by the state governments, filling the political vacuum, to support their 

fledgling renewable energy industry and to address GHG emissions (152,159).  

2.4.2.2   State-led Renewables Targets 

In practice the state-wide renewables targets are realised mostly through RET-style 

arrangements (e.g. in Victoria) using tradeable certificates, mirroring the federal 

policy setup, and auction mechanisms for utility-scale generation (e.g. New South 

Wales). Renewables investments are now supported by (favourable) state policies, 

but depend on a patchwork of different policies without central coordination 

(152,159). 
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Victoria completed its 1st auction in 2017 and awarded 928 MW of renewables 

capacity, 673 MW of wind and 255 MW of solar. This will result in A$1.1bn of 

investment. Although initially procuring for 650 MW only, the auction was heavily 

oversubscribed with over 3500 MW of capacity on offer. Winning bids received a 

CfD-type  funding, with a minimum price of A$56 /MWh for wind, A$53 /MWh for 

solar PV and A$56 / MWh for tracking solar PV (39,173). In 2021, the 2nd auction of 

‘at least‘ 600 MW was opened, due to complete in mid-2022, sporting stricter 

network requirements and a grid enforcement programme carried out alongside by 

the state (174). In both auctions, the government assumes counterparty risks for the 

duration of the CfD arrangement. 

The Australian Capital Territory to date has procured 840 MW of large-scale 

renewable generation through auctions, including capacity installed throughout the 

entire NEM area. Projects must meet milestones, deliver specified energy amounts, 

engage with the community, and invest in the local renewables industry (175). 

Payments are guaranteed by the ACT government and facilitated by the state’s 

nominated distributor, currently Evoenergy. Effective subsidy payments vary with 

wholesale power price forecast, and stood at A$30 /MWh in Q2/2021 for all of the 

wind and solar farms funded by ACT, coming down from A$60 /MWh in the four 

previous quarters (176). This strike price for solar in average was $A183 /MWh and 

for wind A$84 /MWh, with wind winning the joint auctions (177). 

Queensland has held an auction to support up to 150 MW of solar projects with a 

CfD in 2015. In 2019 it announced its second auction, dubbed the ‘Renewables 400' 

for up to 400 MW of renewable energy capacity and 100 MW of energy storage, with 

10 projects shortlisted, three wind (+storage) and seven solar (+storage) (178,179). 

South Australia held an auction for concentrated solar power (CSP) in 2017 in which 

150 MW was awarded at a price of A$78 /MWh and later in 2018 an auction for a 

100 MW storage facility adjacent to a large wind farm, which resulted in the 

Hornsdale Power Reserves battery energy storage system. 

The New South Wales government has announced an infrastructure roadmap to 

support 12 GW of wind and solar and 2 GW of storage, more than Victoria’s and 

Queensland’s plans combined. For New South Wales, this will be the first use of 

auctions and a departure from its coal-reliant infrastructure and will provide an 

A$32bn boost to private investment in the sector. The project will be realised in two 

zones. For the first zone of 3 GW, expressions of interest with a capacity of 27 GW 

were received, making the auction nine times oversubscribed. For the second zone 

of 8 GW, more than 80 registrations of interest were made with a combined capacity 

of 34 GW. Auctions are expected to launch 2022 (180). 

At the same time, and possibly due to the policy vacuum left by the federal 

government, Australia has developed a rapidly maturing PPA market, with corporate 

PPAs in the focus. In 2018, Sydney Metro closed a 15-year PPA deal with the 

87 MW Beryl Solar Farm to offset all of its emissions (181). PPA sizes are 

decreasing over time, being 44 MW in 2019, down from 65 MW in 2018, with most 

PPAs realised for plants in New South Wales and Victoria (182). This trend extends 

to commercial rooftops as well, as they are now economically competitive. Thus 
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corporate PPAs are becoming the norm and are likely to become standardised in a 

similar fashion to state-led auctions, which will drive investment in renewables 

sustainably in the long-term (183). 

Small-scale renewables are supported through state-led feed-in tariff (FiT) schemes, 

due to the lack of a nationally mandated FiT scheme. Thus, the FiTs are different by 

states, including capacity limits and eligibility criteria. Other aspects include 

time-dependent FiTs for solar energy customers (Queensland) and rates set 

annually by the retailers. 

2.4.3   Wholesale market price formation 

The Australian National Electricity Market (NEM) is operated by Australian Electricity 

Market Operator (AEMO). It covers New South Wales, the Australian Capital 

Territory, Queensland, South Australia, Victoria and Tasmania with over 40,000 km 

of interconnection lines. Western Australia and the Northern Territories are not 

interconnected with the rest of the system and are governed by different regulatory 

arrangements (184). Prices are determined by matching demand and supply in each 

region as well as on an aggregated basis across states, accounting for (limited) 

interconnection (152). The NEM features 5-minute settlement periods, the shortest 

one in the world (185) and has been in the news several times for price spikes of up 

to A$14,000 /MWh (186). The has a market floor price is -A$1,000 /MWh and since 

July 2020 the market price cap was set to A$15,000 /MWh, which is adjusted 

annually for inflation (187). 

AEMO forecasts renewables to provide up to 90% of instantaneous electricity 

production by 2035 (148). The market is currently set to be reformed to better 

integrate flexible demand and distributed energy resources, account for government 

schemes and provide price signals for investments in reliable, secure and affordable 

electricity for consumers (188). This also includes a new obligation for all retailers to 

enter contracts for dispatchable supply, replacing AEMO’s reserve electricity 

measures. This is likely to support unprofitable coal generation for a little while also 

sending investment signal for clean dispatchable generation (189). 
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Figure 8: Australia’s day-ahead spot prices in €/MWh over the net-load (gross 
load minus solar and wind) for 2010-2019. The colour of the dots indicates the 
instantaneous penetration of wind and solar for each hour. For comparison with 
other countries see Halttunen et al. (32). 

When compared to other markets around the world, it is noteworthy that the prices in 

the NEM shown in Figure 8 are highly changeable over time. However, as each of 

the markets act as a price zone to a larger market, some of the variability will be 

smoothed, if enough transmission capacity is available. Directly compared to 

Germany, it is visible that prices do not correlate as highly with renewables feed-in 

as in Germany. According to Halttunen et al. (32), the Australian energy markets of 

Victoria, Tasmania, South Australia, Queensland, New South Wales and the 
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Australian Capital Territory are the least correlated out of a group of 37 markets. A 

high correlation between prices between renewables and prices would be indicated 

by bunching of dots with a similar colour, which is only the case for South Australia, 

but not elsewhere. This absence of correlation may be due to the 5-minute 

settlement interval of the power system (most international system are settled on a 

15, 30, or 60-minute basis), omitting some ‘smoothing effects’. In conclusion, 

evidence on critical grid situation, indicative detachment of power prices and 

renewables feed-in, and the rapid renewables uptake, the need for further reforms is 

evident.  

2.4.4   Price risk allocation 

As Australia is using a number of different constructs to realise renewable energy 

projects, no single point of price risk allocation can be identified. Instead this will 

have to be dissected based on the scheme use, and categorised according to Beiter 

et al. 2020 (33). 

First, the federal government’s RET scheme involves tradeable certificates which 

can change in price at the time of issuance, but also change in value over time, as 

the energy system changes. In this quota system, suppliers are mandated to procure 

a certain number of certificates for the electricity supplied. The inherent value of the 

certificate is changing as energy demand of the system is expanding or contracting 

(190). This means that investment under federal RET scheme, have a high-risk 

exposure for the developers. 

Second, the state-led auction schemes, offering typically 15-year CfDs, provide a 

low-price risk exposure for the developers. The contracts are (typically) structured as 

two-sided CfDs, which means that each generator receives a fixed amount of money 

per unit of energy produced. Although FiTs are targeting household consumers, they 

are very similar in risk exposure as the auction-based schemes. 

Third, the risk exposure from the PPA contracts can vary significantly. This is due to 

differing PPA lengths and conditions that could be written into the contracts, where 

both counterparties are able to agree their preferred terms into the contract. 

Standardisation efforts of PPAs changes their nature more towards that of long-term 

futures. The profile and volume risks can be allocated on the long or short side, but 

will usually be shared in sensible ways. 

The fact that storage solutions are targeted by every state and are also part of the 

domestic solar funding schemes, showcases the need for additional balancing 

capabilities. The (relatively) high price volatility in the NEM makes the overall price 

risk exposure higher in the NEM than in other countries in Europe or the US, all other 

things being equal. 

2.4.5   Overall investment environment 

Australia’s renewables support and investment is characterised by policy uncertainty 

on the federal level and (relative) certainty on the state-level. The policy vacuum left 
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on the national level up to the 2022 federal election has mostly been filled by 

legislators on the state-level, which in some cases are even from the same political 

party. This dichotomy is a pattern observed in the United States during the Trump 

administration, with different levels of ambition on different levels of governance. In 

Australia it appears that policy makers only have an influence on the pace of change, 

but there is little to stop the development altogether, barring strong prohibitive 

legislation. Australian renewables have proven to be resilient towards changing 

political headwinds and the political situation has created pragmatic and innovative 

approaches for business to survive (and thrive). The reason for this can be found in 

the continent’s outstanding meteorological wind and solar resources, making a 

compelling economic case already, which will only grow stronger as technology 

prices continue to plummet.  

There are numerous examples of development outside of government funding 

schemes. A developer-led renewables revolution has started towards a low-carbon 

economy, creating opportunities for Australian companies. If Australia manages to 

continue along this path, the country may become a renewable energy exporter to 

replace its coal exports, being the green superpower of the region.  

Favourable investment conditions, such as relative low WACC for wind and solar 

projects of around 5.0% (191) and a long-term inflation rate of 2.9% (192), has 

earned Australia the 7th position in Ernst&Young’s Renewable Energy Country 

Attractiveness Index (RECAI) (37). 
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2.5  Texas, United States 

2.5.1   Overall RES policy environment 

Texas is the energy (super-)powerhouse of the United States, both in terms of 

access to fossil energy sources and outstanding solar and wind resources (193). In 

Texas, the energy crown is shared between “King Oil” and “King Wind”, with solar 

picking up pace in recent years.  The Electric Reliability Council of Texas (ERCOT) 

is the power system and market operator, which makes Texas one of nine US states 

with a deregulated electricity market, both on the generation and supply side. 

ERCOT covers most, but not all of the state’s area. The ERCOT grid area is 

considered an electrical island, due to the lack of (significant) interconnection to the 

rest of the United States. In 2020, 28% of consumption was covered by wind 

(87.1 TWh), 3% by solar (8.8 TWh). The rest was served by gas (55% / 173.8 TWh), 

coal (22% / 68.5 TWh) and nuclear (13% / 41.5 TWh) (194). 54% of ERCOT’s 

capacity additions were wind power in the last decade (2011-2020)(195). However, 

solar PV is hot on wind’s heel, adding 4.6 GW in 2021 alone, doubling solar PV 

capacity additions. Another 5.4 GW are expected in 2021, bringing it to 14.9 GW by 

the end of 2022 (196). 

As ERCOT is contained within Texas, it is not regulated on federal level through the 

Federal Energy Regulatory Commission (FERC), but governed by Texan authorities 

only, namely the Public Utility Commission. This makes Texas special in many 

regards, when compared to the rest of the United States, and has laid the 

groundwork for the creation of this one-of-a-kind electricity system, which is often 

regarded as the most competitive power market in the world with a ‘hands-off’ 

regulatory approach and strong market framework. This is supported by a generally 

business-friendly mindset and comparatively low labour costs. 

Wind is clearly the dominant renewable generation technology in ERCOT. Texas has 

the lowest capex for onshore wind in the US at $1280 /kW and average capacity 

factors for (newer) onshore wind turbines of 40-50%. That constitutes, essentially, 

offshore wind conditions at onshore prices, creating the lowest average levelised 

cost of electricity (LCOE) for new projects in the whole of the United States, standing 

at $29 /MWh with some large variations across ERCOT (195). It is no surprise that 

Texas holds the largest fleet of wind capacity for any of the states in the country, 

totalling 32.7 GW at the end of 2020 (not all of them located in ERCOT) and has 

added 4.1 GW in 2020(195), which includes one of the largest onshore wind farms in 

the world at 735.5 MW. Texas also has the largest capacity of renewable hybrid 

projects with 0.86 GW of wind+storage capacity, mostly located in the grid-

constrained western Texas area. About 85% of the Texan use of electricity is 

consumed in competitive markets, whereas the rest is served by publicly-owned 

utilities (i.e. municipality or co-operative owned) serving their costumers as a fully 

integrated utility. 

Recent woes in February 2021 have led to blackouts following an ‘arctic outbreak’ 

from Canada, with temperatures as low as –22°C. Coincident with many gas power 
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stations and wind turbines being inoperable due to the lack of winterisation packages 

at the equipment, possibly driven by efficiency incentives in the market (197), the 

subsequent surge in electricity demand for heating could not be met by the grid. The 

cold temperatures had a cascading effect on the energy system, with power plants 

failing and the gas supply chain freezing up (198). The blackout affected 10 million 

Texans, some without electricity for 3 days, and has cost 210 lives (199).  Power 

prices spiked to $8,800 per MWh, which is almost 200 times their normal level 

(200).  Some households on variable rate tariffs were hit with bills over ten thousand 

dollars (201), and three utility companies have already declared bankruptcy(202). 

Texas has a troubled history with blackouts, pointing to a system incident in 1989 

when the grid almost went dark. In 2011 – commonly referred to as the Groundhog 

Day blizzard – large parts of the grid were subject to rolling blackouts. In both cases, 

recommendations for the weather-proofing of the energy system were not 

implemented (203), showing the limits of the ‘Texas only’ regulatory solution(197). 

ERCOT still identifies a risk up to 14 GW of generation shortage in extreme and 

unlikely weather scenarios – 2021 was one of those scenarios – this time for the 

summer peak load(194). In part this is addressed by demand-side programmes, 

expected to add 2.9-4.7 GW peak-shaving capacity over the next five years (194), 

which will add to the extensive demand side programmes that have been running for 

a long time (204). 

The grid buildout to support renewable energy has been carried out pre-emptively in 

anticipation of new wind farms under the CREZ programme(205), which is regarded 

a large success (206). This foresight allowed wind curtailment to be reduced from 

17% in 2009 to just 0.5% in 2014, though more recent trends show that additional 

grid capacity is required. Grid development is ultimately the responsibility of ERCOT 

and overseen by the Public Utility Commission (PUC) establishing a positive 

(long-term) business case for grid expansion. The lack of grid connection capacity 

means that nodal prices will change and make projects on the “right side” of the 

congestions of ERCOT more profitable today, without lengthy waits for the grid 

expansion in the future. In the long-run, these projects might end up at the “wrong” 

site, with lower nodal prices and poorer wind conditions, when the congestion is 

alleviated (207). 

2.5.2   Specific renewables support schemes 

Texas renewable energy producers are supported with a range of mechanisms on a 

state and federal level, which can stack in some case. Despite the various support 

schemes, a significant amount of more recent wind (and likely solar) capacity can be 

attributed to its economic competitiveness. 

2.5.2.1   Texas Renewable Portfolio Standard 

In Texas, renewables deployment is supported by the Renewable Portfolio Standard 

(RPS), which obliges suppliers to provide a certain quota in their retail portfolio. 

Alongside market liberalisation, the RPS was introduced in 1999. Obliged parties 

under the RPS are all electricity retailers in competitive markets (85% of 
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consumption), but publicly-owned utilities must only comply with the RPS if they 

choose to compete in the market (193). The state-wide target with the RPS for 2025 

was  set (implicitly by wind’s capacity factors) to 10 GW, which has been exceeded 

substantially as wind alone is standing at 32.7 GW (208).  

Renewable energy certificates (REC) are issued for electricity produced by eligible 

assets. RECs serve to track and verify compliance with the RPS and can be traded 

at ERCOT (193). They are traded on a market basis, thus being volatile in price and 

in location, due to locational marginal pricing applied. RECs’ market value is 

somewhat low at around $1.30 /MWh on average in 2019 and 2020, approaching the 

$2 /MWh mark towards the end of 2020(195), but some peaks have traded as high 

as $57 /MWh in 2021 during the energy crisis. Particularly due to the nodal pricing 

setup, price can vary significantly. Especially in areas with lots of solar, the market 

value of wind is high, and vice versa. Nonetheless, the low REC value is likely to 

have little impact on driving investment and is outshone by the Federal Tax Credit 

and wholesale market revenues. 

2.5.2.2   Federal Tax Credits 

On a federal level, several tax relief support schemes are available to support 

renewables generation. Taxation relief is a tool heavily relied on across the entire 

United States, not just Texas, but nonetheless is relevant to the rollout of renewables 

in Texas as well. Essentially, three different tax relief schemes are relevant: 

- The investment tax credit (ITC) for solar PV and offshore wind power plants7, 

or 

- The production tax credit (PTC) for onshore wind power plants, and 

- The MACRS programme allowing for an accelerated depreciation of a large 

array of assets, including renewables. 

From the above it is evident that renewable energy assets will either be eligible to 

receive ITC or PTC and can make use of accelerated depreciation tax credits in 

addition. In some cases, tax credits can be worth up to 40-50% of solar PV capex, 

assuming the highest tax brackets relief rate under the ITC (210). 

The COVID-19 pandemic has resulted in a number of adjustments to the ITC and 

PTC schemes. For example, the timelines for eligibility have been adjusted and the 

tapering (i.e. the gradual reduction in tariffs down to zero) is stretched over several 

years. Tax reliefs are granted based on the “start of construction date”. Start of 

construction is defined as the physical start of the construction, or having spent 5% 

of the project’s cost, which now grants extended timelines under the “Continuity Safe 

Harbor” programme (211). 

The Investment Tax Credit (212) is a federal tax relief option, which is available to 

any eligible generators in the United States. This extends to solar PV and offshore 

wind (amongst a long list of other technologies), typically assets with significant 

 
7 Offshore wind is not a relevant energy source in Texas (yet), due to its access to large areas with very 
high average wind speeds. 
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capex expenditure upfront. Tax reliefs are granted based on the “start of construction 

date” with a tax reduction of up to 30% of their capex. Solar projects that have 

commenced construction up to 2019 are eligible for a 30% tax relief. As one of the 

last actions in office, President Trump signed the “Extenders Bill”, which aims at 

mitigation of the impact of the pandemic, granting projects a delayed tapering. Tax 

rates are now tapered to 26% for projects starting construction in 2020-2023, 22% 

for 2023 and 10% thereafter. All projects must be placed “into service” by 31st 

December 2025 to take advantage of the higher rates (213). The tapering of tax 

credits was adjusted in light of the COVID-19 pandemic to the now extended 

schedule above. The “Extenders Bill” also extended the possibility for onshore wind 

projects to receive ITCs in lieu of PTCs by one year to the end of 2021 at a rate of 

18%. This mirrors the one-year extension applicable to PTCs. Onshore wind projects 

commencing construction in 2022 or later are not eligible for ITCs (214). Offshore 

wind is also granted ITCs in lieu of PTCs if construction has started by December 

2025, with a ten-year window for completion of construction works (215). 

The Production Tax Credit grants an inflation-adjusted tax credit based on each 

kilowatt hour produced from eligible generators. The baseline tax credit is $2.5 /kWh 

($25 /MWh) on the sale of electricity produced from the qualified energy resources, 

mostly onshore wind, but also for biomass and geothermal energy. In similar fashion 

to the ITC, the PTC is time limited and designed to phase out (216). The PTC is paid 

for ten years after start of operation production. It is proportionally capped and bound 

to a reference wholesale market price, which would see the tax benefits gradually 

reduced when wholesale prices are $50-80 /MWh and to reach zero, if the reference 

price exceeds $80 /MWh (217). For onshore wind, the PTC rate tapers from 100% 

for any projects that started construction in 2016. Projects with construction start in 

2017 received 80% of the PTC ($19 /MWh). Subsequently, projects in 2018 received 

60% ($14 /MWh), 40% in 2019 ($10 /MWh), 60% in 2020 and 2021 ($15 /MWh) and 

are not eligible for any PTCs from 2022 onwards. Under the revised schedule of the 

“Extenders Bill”, project have six years to completion, if construction started before 

2020, and five years thereafter. With long-term decarbonisation goals established by 

the Biden administration, several policies are in the legislative process, including a 

long-term extension of the PTC, with no concrete results at the time of writing (195).  

Renewables can take advantage of the Modified Accelerated Cost Recovery 

Systems (MACRS) programme for an accelerated depreciation of assets for tax 

purposes (218). This will allow renewable energy projects to write down the entire 

value of the project within just five years for tax purposes (219). This can significantly 

enhance the projects’ cashflow situation, as they are allowed to lower the amount of 

taxable income, reducing the owed taxes. ITC and PTC do not reduce the taxable 

income for the MACRS programme (only the payable tax), and MACRS can be used 

in addition to either ITC or PTC. 

2.5.2.3   Residential Solar PV programmes 

Many local utilities and municipalities in Texas offer a net-metering programme 

including (e.g. El Paso Electric, the City of Brenham, CPS Energy, and Green 
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Mountain Energy), mostly for residential solar PV (220). These programmes allow 

owners of rooftop solar PV to offset their electricity bill with electricity produced on 

their roof. Depending on grid tariffs and the LCOE of the rooftop solar, this can 

amount to a significant reduction of the electricity bill, especially as net metering can 

be stacked with the ITC programme (and potentially other solar rebate programmes). 

Similarly to the net-metering programmes, many utilities and local governments 

provide support to homeowners with rooftop solar. For example, Austin Energy has a 

rebate of $2,500 on the installation costs, and has a feed-in tariff of $97 /MWh. CPS 

Energy customers can receive a payment of up to $1.20/W for their rooftop solar PV 

installation. The City of Sunset Valley solar PV Rebate Program offers up to $3,000 

for up to 3 kW systems (218). In many programmes, the incentive is gradually 

reduced with an increasing installed capacity on the grid.  A comprehensive overview 

of funding and support by location is captured in the Database of State Incentives for 

Renewables & Efficiency (DSIRE), which lists 76 programmes in Texas overall (218). 

Texas also has a renewable energy systems property tax exemption scheme, which 

prevents house price increases from rooftop solar PV to cause a rise in locally 

determined property taxes (220).  

2.5.3   Wholesale market price formation 

ERCOT features a nodal pricing energy-only electricity market, which means 

wholesale prices are differing largely across ERCOT’s grid area, accounting for 

infrastructure constraints and thus leading to locationally varying prices at different 

times. ERCOT does not operate a capacity market to provide the security of supply 

and solely relies on peak pricing to incentivise capacity adequacy, although marginal 

on-grid capacity is constantly monitored. 

In a search for the most efficient market design, the ERCOT market has evolved 

from a zonal electricity market to a locational marginal price market in 2010. This 

means that physical grid constraints influence the price finding algorithm in the 

market, and price convergence between different busbars in the grid (a.k.a. nodes) 

in the absence of congestion. In the presence of congestion and wind curtailment in 

the West Texas, different prices will emerge for each node (221), potentially 

incentivising investments in high-value areas of the grid, despite poorer 

meteorological conditions. For many economists, this represents the purest form of 

an energy-only market design. Investment signals are assumed to be derived from 

scarcity pricing of up to $9,000/MWh, which incidentally was reached in February 

2021. 

In addition to deregulation on the supply side, about 85% of Texans live in 

deregulated electricity consumer markets and thus have the opportunity to choose 

their electricity supplier. Retail prices in 2017 were about 20% below the US average 

(222), owing to the competitive market structure and access to cheap natural gas, 

although the February 2021 blackout has led to rising prices, especially for 

consumers on variable retail tariffs. Texas’s electricity market ERCOT is regarded as 

the most competitive electricity market in the world.  
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Figure 9: Texas’s day-ahead spot prices in €/MWh over the net-load (gross load 
minus solar and wind) for 2010-2019. The colour of the dots indicates the 
instantaneous penetration of wind and solar for each hour. Note that this is a 
single-node representation of a nodal pricing market setup.  For comparison 
with other countries see Halttunen et al. (32). 

 

2.5.4   Price risk allocation 

ERCOT being (one of) the most competitive electricity markets worldwide, it comes 

as no surprise that renewables are in a competitive environment. The exposure to 

price risks according to Beiter et al. (33) is high to very high for renewable 

generators. Whilst tax credits do provide a reliable source of “income”, all other 

income streams in the ERCOT market are variable. Whilst tax benefits make up a 

substantial part of the income for wind farms and solar PV projects today (223), 

these benefits are gradually phased out by the federal government (i.e. tapered), 

leaving Texan renewable energy assets only market revenues to cover their capex 

and opex in the future. 

On the first glance, income of generators will vary hugely, as market mechanisms 

dictate the value of wind and solar. Firstly, generators will receive variable payments 

from the spot market, which can differ significantly over time, but also depend on the 

location in the grid. The application of the nodal pricing makes ERCOT a highly 

dynamic market environment, where prices are highly volatile. Secondly, the Texan 

RPS allows trading of the RECs. This means that the implied subsidy through RECs 

is determined by market mechanics, not just in time, but also affected by the location 
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in the grid. This means that the price risk is almost exclusively with the renewable 

generators, with no counterparty assuming wholesale market price risk. 

Naturally, renewable energy projects will try to hedge the volatility in the market to 

produce a stable income (outlook) to finance their project. On the demand side, 

suppliers will have a similar interest in closing long-term reliable supply contracts 

alike, which will lead to the closure of long-term PPAs. The presence of PPAs in the 

Texan market is a routine process to hedge price risks (195). 

Derived from the wholesale prices alone, market values of wind are relatively low at 

$10/MWh in 2020 down from $19/MWh in 2019 (224), with some very large regional 

variations. One wind farm had a market value of $53/MWh in 2020, whilst another 

had just a market value of $0.5/MWh. On average, wind value factors – the share of 

the average wholesale market price that wind can capture – stands above 50% and 

is set to fall (32,195). 

Grid constraints are the largest driver of these variations and keep affecting the 

overall profitability of wind farms and curtailment stands at 4.6% (in 2020). The value 

of wind is (somewhat) reflected in closed long-term PPA prices in ERCOT which 

were close to the $20/MWh mark in 2020 (195) and prices have rebounded in 2021 

to around $30/MWh (225), which is a marked uptick from previously lower levels a 

year ago. Amongst low interest rates, declining costs, and higher capacity factors, 

the PTC is a major enabler to these low PPA prices. The revenues are in line with 

the costs for projects in ERCOT (225). 

Despite the competitive (and at times challenging) market environment, Texas has 

been going strong on the deployment of onshore wind and (as of late) solar PV 

beyond political support schemes and tax reliefs. This is down to one simple reason: 

wind and solar are cheaper than any other generation technology in large parts of 

Texas, outcompeting unabated coal and natural gas generation (226,227) 8. 

In future, wind and solar farms will have to be financed on wholesale terms only and 

thus paving the way for the last step of truly merchant renewables in the world’s 

most competitive power market. Despite the competitive (and at times challenging) 

market environment, Texas has been going strong on the deployment of onshore 

wind and (as of late) solar PV beyond political support schemes and tax reliefs.  

The Renewable Energy Country Attractiveness Index (RECAI) (37) places the United 

States at the top of the leader board, making it the most investable market in the 

world. Texas, despite its recent weather-related woes, is by far the largest wind 

market in the United States. If it was a country, it would be the fifth largest wind 

power country, by installed capacity. The ongoing growth in Texas is certainly 

supported by the ambitious measures of the Biden administration on a federal level 

and the excellent wind and solar conditions. The (debt) interest rates in 2021 of 3% 

and equity interest rates of 7% are up from 2020. This trend is expected to continue 

with increasing interest rates. However, access to finance is still relatively cheap, 

and the wind industry’s risk margins have decreased significantly in the last decade, 

which will likely drive further development. This will make Texas the prime spot for 

 
8 Uses economic cost data from Wiser et al. (195) for wind and retains default settings for the rest. 
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investments, and viable in the long-run, if ERCOT manages to address grid 

congestion issues. 

Following the blackouts in early 2021, policy makers are targeting renewables in an 

attempt to find a scapegoat for the power crisis, attempting to put the burden of 

paying for ancillary services onto renewable generators (228). To date, no concrete 

bills have been passed into law (229). The discussion is (finally) focusing on 

improving reliability of ERCOT’s power markets. This will create opportunities for 

dispatchable generation such as natural gas and/or renewables+storage. Texas is 

already the leading market in the U.S. for the latter. Last, but not least, Texas 

benefits from very business-friendly environment, allowing for the fast deployment of 

renewables and innovative business models. 
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3 Quantifying Transition Risk 

The above analysis of current investment conditions in different countries shows that 

there are many ways to support renewables investment. It shows contrasting 

approaches to the exposure of renewable investors to wholesale market price risk, 

with low levels of exposure in Germany, for example, and high levels of market risk 

exposure in Texas. For individual projects, the ‘devil is in the detail’ and investment 

risk will be a complex function of the details of these specific support policies, the 

nature of the wider market design, the economic context in the country, as well as 

the nature of the underlying renewable energy resource.  

However, looking ahead, investors also face risks associated with the nature of the 

overall energy transition itself. Whilst the goal of the transition is known (i.e. zero-

carbon electricity), the details of this end-point in terms of technology mix, price 

formation and degree of price cannibalisation are still uncertain. The risk profile of 

future decarbonised electricity markets is likely to be quite different from current 

market conditions, and difficult to predict. The pros and cons of exposing renewable 

investors to these uncertain market risks can be boiled down to a relatively simple 

equation: 

Do the cost savings arising from low cost of capital achieved through de-

risking policies outweigh the potential system cost benefits that might arise 

from exposing renewables projects to greater levels of market price risk?  

This section aims to provide quantitative evidence on the first part of this equation by 

estimating the order of magnitude of these macro-level energy transition risks. The 

analysis is not setting out to define the market design pathway with the overall lowest 

cost, but is assessing the impact on financing costs of different market design 

options from the perspective of new projects during the transition.  

3.1  Overview of approach 

We start with a simplified characterisation of the transition as comprising two phases. 

Firstly there is a ‘build phase’, during which fossil fuel generators (which are currently 

price-setters in the market) are replaced with low-carbon generators (many but not 

all of which are currently price-takers in the market). The investment decision is 

assumed to be taken part-way through this build phase during which time the final 

characteristics of the decarbonised electricity system are still uncertain.  

Secondly the final decarbonised system is treated as a ‘steady-state’ phase during 

which the new low-carbon plant will operate and receive most of its revenues.9 The 

physical characteristics of this decarbonised system (i.e. generation mix, demand 

profile etc) are modelled to determine the system marginal cost of generation which 

 
9 In reality this will not be ‘steady-state’ as the electricity system will likely need to grow substantially 
after it has decarbonised in order to allow for greater levels of electrification of the economy, and the 
nature of electricity demand will continue to change. We leave analysis of these dynamic effects for 
future work.  
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is assumed to be the basis for wholesale price formation. This provides a 

quantification of market price risk in the future decarbonised system, including the 

degree of price cannibalisation and curtailment of renewables in the future 

decarbonised system. The electricity system model is described in Section 3.2.  

Different ways in which the effects of price cannibalisation and curtailment may be 

countered in this future steady-state phase are represented in the analysis as ‘policy 

options’. These include, for example, policies such as CfDs as well as renewable 

energy premiums that might be negotiated directly through the market. The 

characterisation of different policies is described in Section 3.5. 

We assume that a hypothetical investor has some expectation about the final 

physical state of the system in the steady-state phase, that this determines their 

expectations about the financial performance of their investment, and that they use 

this to determine their response to the available policy options. For example, these 

expectations determine how the investor would bid into CfD auctions of various 

designs, or the kind of renewable premium they would need / expect to negotiate in 

the market in order to make a reasonable return on investment. 

We then stress test these financial cases by introducing physical states of the 

system that differ from those assumed in the investors initial expectations. These 

scenarios are described in Section 3.3. These different physical states of the system 

create different outturns in the level of cannibalisation and curtailment and therefore 

different financial returns for the project. The analysis of financial returns is 

presented in Section 3.4.  

This spread of financial outcomes is taken to represent the degree to which an 

investor would need to increase their overall returns on investment in order to cover 

the energy transition risk. This is used as the basis for assessing the implications of 

transition risk on the cost of capital. Results are presented in Section 3.6 showing 

the extent to which different policy options shield investments from these transition 

risks, and therefore the potential impact of these policy options on the cost of capital.   

In this paper, we restrict our analysis to the case of investment in offshore wind, but 

the approach could be used to assess investment risk in all types of generation and 

storage.  

3.2   Electricity system model 

3.2.1   Overview of ANTARES model 

In this study, we make the simplifying assumption that wholesale market prices will 

be primarily determined by the system marginal cost of generation. We model the 

system marginal cost using an optimal electricity system dispatch model, building on 

earlier work by MacIver et al. (230). In that previous study, a European scale 

transmission system model was developed to model the behaviour of a coupled 

European electricity market. The model uses ANTARES, an open source electricity 

market modelling tool developed by French system operator RTE (231). Each 
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European country is represented by a single node (with the exception of the UK and 

Denmark, each with two nodes denoting separate islanded regions) with modelling of 

an appropriate generation mix separated by type while constraints are imposed on 

the maximum net transfer capacity (NTC) of electricity trades that can take place 

between connected countries.  

The implementation takes the form of a unit commitment (UC) model that determines 

a schedule of generation units that minimises “the overall system operation cost over 

a week, taking into account all proportional and non-proportional generation costs, 

as well as transmission charges and “external” costs such as that of the unsupplied 

energy (generation shortage) or, conversely, that of the spilled energy (generation 

excess) (232). It is constrained by the minimum and maximum production of each 

generation type, the maximum rate of change of production from each generator and 

the minimum amount of time for which it must be on if committed to run, or run if it is 

not needed. ANTARES is capable of running in different modes. For the current 

study, each run represents a single year, modelled as a sequence of 8760 hours, 

coupled by time-related constraints such as generation ramp rates. The model is 

solved in weekly blocks, which are coupled for the whole year with constraints 

respecting hydro-reservoir storage capacities. Transmission system flows are driven 

by price differences between the modelled nodes assuming a perfectly coupled 

market with within-week foresight. Renewable generation availability is modelled 

across Europe with reference to real historical outputs which respect temporal and 

spatial correlations. 

The structure of the ANTARES model set-up and methodology used for the current 

study is largely the same as described in MacIver (230), and the reader is referred to 

that paper for a fuller description of the methodology.  

3.2.2   Representation of system flexibility 

It is important to capture the effects of additional system flexibility, given that this is a 

key feature of the way electricity markets and pricing will respond to increased levels 

of variable renewable generation. Some flexibility options were already included in 

the previous model. In particular, this included representation of pumped storage 

facilities modelled with 72% round trip efficiency and the ability to charge/discharge 

over a 24-hr cycle to minimise system costs. This effectively represents 10-hr 

storage capacity at maximum output, which approximately matches the combined 

storage capacity of GB pumped storage facilities.  

Interconnection is also already inherently built into ANTARES, so the same 

methodology was used as for the previous study. Many of the scenarios show 

considerable scale-up in the degree of interconnection between GB and Europe. In 

this study we make the simplifying assumption that existing interconnector routes are 

simply scaled-up to accommodate the additional capacity.  

For this study, additional flexibility options for GB were added to represent demand-

side management (DSM), batteries and hydrogen electrolysis (to flexibly absorb 

cheap or surplus wind power). DSM and batteries are both represented in a similar 
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way, essentially as storage facilities with the ability to push or pull power from the GB 

node if that helps to minimise overall system operation cost.    

Representation of hydrogen electrolysis is implemented in a simplified way by 

representing electrolysis as a negative source of generation (i.e. demand) within the 

GB node. The level of electrolysis demand in a given hour is pre-determined as a 

model input, and is calculated as a function of the residual load (i.e. total GB demand 

less the variable renewable supply in that hour).  

3.2.3   Other input data sources and assumptions 

The modelling framework described above has been populated with data available in 

the public domain. Table 2 sets out the key assumptions and sources of this input 

data. 

Table 2. Input data sources and assumptions 

Model input Assumptions Data source 

Technology CAPEX, 
non-energy OPEX and 
performance 

Based on BEIS 2040 figures. 
Hydrogen CAPEX and non-fuel 
OPEX assumed to be the same 
as CCGT  

BEIS Electricity Generation 
Costs 2020 (237) 

Fossil fuel prices Future Energy Scenarios 2040 
fuel prices 

FES 2021 Data Workbook 
(238) (Sheet CP1) 

Average GB solar 
capacity factor 

Renewables.ninja calculation of 
GB average based on 1984 solar 
irradiation patterns 

Renewables.ninja (239) 
European solar data set 
version 1.1 

Average GB wind 
capacity factor 

Recalibrated Renewables.ninja 
average GB capacity factors 
based on future fleet scenario10 

Renewables.ninja European 
wind data set version 1.1 

Hourly demand profiles Hourly demand profiles from 
ENTSO-E, with demand 
variability scaled to match the 
peak and average demand 
specified in each scenario 

ENTSO-E 10 year network 
development plan (234) 

 

 
10 The hourly GB wind generation profile in the model is based on a recalibration of hourly data from 

Renewables.ninja. The Renewables.ninja baseline uses historical wind data (we choose 1984), and 

then uses a future scenario of the distribution of GB wind power across the country to calculate 

average hourly wind capacity factors for the country as a whole based on the wind speeds in those 

locations. We then need to recalibrate these hourly capacity factors to get the correct future GB 

annual capacity factor specified in the generation scenario (described in the next section). In 

particular this average capacity factor is sensitive to the mix of onshore and offshore wind, because of 

the significantly higher capacity factor for offshore wind.  
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3.3   Decarbonisation pathway scenarios  

3.3.1   How different are future scenarios of zero-carbon 

electricity? 

We start by assessing the degree of uncertainty over which decarbonisation pathway 

we may be on. This uncertainty relates to physical characteristics of the system such 

as the type of generation on the system, the shape and scale of demand, and the 

availability of different types of flexibility options such as interconnectors, hydrogen 

etc.. We have based this analysis on the four National Grid ESO Future Energy 

Scenarios (FES)  for 2040 (1).  

Three of the FES scenarios published in 2021 meet net zero goals:   

• Consumer Transformation (CT-base).  Based on electrified heating, consumers 

willing to change behaviour, a high level of energy efficiency and a high degree of 

demand-side flexibility and interconnection to Europe. Wind power reaches 116 

GW by 2040. We use CT-base as our reference scenario for assessing 

investment risk in Section 3.4. 

• System Transformation (ST-base). Based on a greater role of hydrogen for 

heating, consumers being less inclined to change behaviour, lower energy 

efficiency and a greater reliance on supply-side flexibility, interconnectors and 

electrolysis. Wind capacity reaches 97 GW by 2040.  

• Leading the Way (LW-base).  Based on the fastest credible rate of 

decarbonisation across the economy as a whole, implies significant lifestyle 

changes, and includes a mix of hydrogen and electrification of heating. Wind 

capacity reaches 117 GW by 2040.  

The final FES scenario fails to make enough progress to be compatible with net zero 

goals: 

• Steady Progression (SP-base). Based on the slowest credible rate of 

decarbonisation, minimal behaviour change, slow decarbonisation rates in power 

and transport, and heat fails to decarbonise. Wind power reaches 77 GW, and 

there is more than 40 GW of unabated gas power remaining on the grid in 2040.  

The role of the FES scenarios in our work is simply to illustrate some of the 

uncertainties that surround the composition and characteristics of a notional future 

power system. We use them to generate a set of hypothetical system prices so we 

can explore risks. Other scenarios are available, and the analysis does not seek to 

demonstrate which scenarios are better, more likely, or plausible.  

In addition to these four main FES scenarios, we also introduce an additional three 

variants to explore different risk factors: 

• CT-HiPrices. This scenario doubles the carbon price (to £116/tCO2) and 

increases the long-term gas price by two-thirds (to £10/GJ) compared to the CT 

base. 

https://www.nationalgrideso.com/future-energy/future-energy-scenarios
https://www.nationalgrideso.com/future-energy/future-energy-scenarios


49 

• CT-LowInterC. This scenario reduces the amount of interconnection in the 

scenario by a third (from 27 GW to 19GW) compared to the CT base, replacing 

this two-way flexible capacity with an equivalent amount of generation capacity 

from 1-way flexible biomass generation. 

• ST-LowElectr. This scenario halves the amount of electrolysis in the system, 

from 9.8 GW in the ST base case to 4.9 GW.  

3.3.2   How do these physical differences translate into 

revenue risk? 

The electricity system model described in Section 3.2 is used to assess how these 

different electricity system configurations would affect electricity revenue risk for 

different renewable generation sources. Revenue risk has two components: price 

risk (due to wholesale price cannibalisation), and volume risk (due to curtailment 

when the system is oversupplied). Figure 10 shows how price risk (positive y-axis) 

and volume risk (negative y-axis) vary for offshore wind under different electricity 

system scenarios.  
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Figure 10. Price cannibalisation and curtailment rates in different 

decarbonisation pathways 

From Figure 10 we draw the following conclusions taking each of the scenarios in 

turn: 

• CT-Base (reference case). Capture price is below the LCOE and curtailment 

levels are around 5%. 

• CT-HiPrices. The increase in gas and carbon prices drive up average capture 

prices relative to the reference. The benefits of these higher prices are somewhat 

offset by the increased levels of curtailment which arise because the higher cost 

of fossil fuels drives up prices in Europe making the interconnectors more 

constrained than in the reference scenario.  

• SP-Base, the higher share of unabated gas remaining in the system (43GW 

compared to 13GW in the reference case) leads to slightly raised average 

capture prices. However, curtailment levels are also slightly increased relative to 
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the reference, due to lower levels of flexible plant (particularly flexible demand, 

electrolysis and interconnectors) compared to the reference case. 

• LW-Base. Despite having less than 1GW of gas remaining in the system, this 

scenario sees higher average prices and reduced curtailment rates mainly due to 

greater levels of hydrogen generation (7.2GW vs. 4.7GW) and electrolysis 

(24GW vs. 13GW) compared to the reference case.  

• ST-Base. This scenario has greater levels of nuclear (14GW vs. 10GW), gas + 

CCS (9GW vs. zero) and hydrogen (12GW vs. 5GW) compared to the reference 

case, but significantly reduced levels of two-way system flexibility, including 

flexible demand (9GW vs. 19GW), interconnectors (20GW vs. 27GW) and 

electrolysis (10GW vs. 13GW). Overall, this reduced level of system flexibility 

leads to lower average capture prices and increased levels of curtailment relative 

to the reference case.  

• CT-LowInterC assumes a reduced level of interconnectors (19GW vs 27 GW), 

reducing system flexibility, leading to lower average capture prices and increased 

levels of curtailment. 

• ST-LowElectr sees similar consequences of reduced system flexibility due to a 

further reduction in electrolysis capacity compared to the ST-Base scenario 

(10GW vs. 13GW). 

 

3.4   Methodology for quantifying investment 

risk  

3.4.1   Calculation of investment risk 

The hourly plant-level dispatch and system marginal cost results from the ANTARES 

model presented in Section 3.3 are subsequently imported into a Microsoft Excel-

based discounted cashflow model developed for this analysis. This aims to quantify 

investment risk by assessing how price formation affects cashflows differently under 

each of the scenarios. The range of cashflows is represented as a discount-rate 

impact relating to uncertainty over future price formation processes as represented 

by the different scenarios. The degree to which different policy options provide 

revenue stabilisation and a potential reduction in the cost of capital is then assessed. 

To assess the risk posed by different decarbonisation pathway scenarios, we treat 

one of the scenarios (CT-Base) as a reference case. We take this reference case as 

the basis on which financial planning for an investment project in solar or wind is 

undertaken. We then treat the other decarbonisation pathway scenarios as ‘risk’ 

cases against this reference case.  

The steps are as follows: 

1. The reference scenario (CT-Base) is used to determine the expected financial 

performance of each type of generation, taking account of capture prices and 

curtailment levels.  
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2. This expected financial performance is then used to determine the average price 

premium that each generation type would need to recover over-and-above 

market prices11 in order for the investment to break even (i.e. to have a positive 

NPV under a risk-neutral discount rate).  

3. For CfD-style policies, this reference case expectation about the required 

breakeven premium is used to simulate the strike price that would be achieved in 

a CfD auction. The auction is assumed to take place before the investor knows 

which state of the electricity system they will be exposed to. The strike prices 

vary according to the design of the policy (e.g. 1-sided vs. 2-sided CfDs etc.) 

because the CfD design affects the expected revenue received, so investors are 

assumed to adjust their bids accordingly (see Table 3). Energy-only markets are 

modelled in a simple way by assuming that these price premia would be 

recovered directly in the market through privately-developed trading 

arrangements. We use two simple assumptions about the riskiness of these 

market premia, described in the next section. 

4. The cashflow that would be realised in the risk cases are then calculated, 

keeping the CfD strike prices unchanged from Step 3. This takes account of the 

phasing of construction costs, the cost of debt and equity during this period, the 

timescale of any CfD or other policy support, and the annual market revenue 

each decarbonisation pathway scenario. 

5. The model then converts the differences in cashflow between the 

decarbonisation scenarios into a ‘risk adjusted hurdle rate’. This is the change in 

project discount rate required to equalise the NPV in the base case scenario with 

the NPV for the ‘risk’ decarbonisation scenarios under any given policy option. 

This change in the discount rate is the basis of the results presented in the next 

section.  

3.4.2   Policy Options 

As noted above, zero-carbon wholesale electricity markets based on system 

marginal cost are structurally prone to price cannibalisation, and can lead to varying 

amounts of curtailment depending on the level of flexibility in the system. In this 

analysis, we focus attention on various CfD designs as described in Table 3. Section 

2.1 provides a general description of how CfDs operate.   

We also investigate a simplified representation of how the market might try to ‘solve’ 

the price cannibalisation problem without direct policy intervention by offering a low-

carbon premium above system marginal cost levels. We do not attempt to define 

how such premium mechanisms could emerge and/or whether they would be 

delivered through market participants or policies. They are broadly consistent with 

what would be needed under a ‘low carbon obligation’ approach to policy (9) but 

such a premium could also in principle arise directly through market contracts 

between generators and suppliers. Whether or how such premium payments could 

or would occur is not the purpose of this analysis; they exist merely so we can 

 
11 Using system marginal cost as a proxy for market prices 
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represent the risk implications of exposing investors to a price environment based on 

system marginal price. 

In all cases the policies we present are simplified and illustrative. A range of variants 

can be envisaged, and alternative policies could deliver a similar outcome. For 

example a 1-sided CfD might be expected to have similar characteristics to a 

market-wide floor price, the fixed premium might or might not be a feed in tariff, the 

negative price rule could be applied selectively and the analysis does not take 

account of opportunities to value stack, for example in providing ancillary services. 

Table 3 – Market and policy design options tested  

Policy 
option  

Characteristics assumed 
in cashflow model  

Comments  CfD 
Strike 
Price12 

2-sided CfD  15-year contract pays the 
difference between an 
agreed strike price (set at 
auction) and the wholesale 
market price.  

By fixing prices for multiple years, 
it reduces exposure more than 
the other policy options 
considered. This is based on the 
original form of the CfD which led 
to reductions in auction prices.  

52.4 

2-sided CfD 
(extended) 

As above, but with 25 year 
contract. 

Longer contracts extend the 
period over which projects 
recover their investment, lowering 
strike prices, and reducing tail 
risks of plant being unable to 
recover costs in the later part of 
their technical lifetime. However, 
they lock-in consumers for a 
longer duration.  

43.3 
 

2-sided CfD 
with 
negative 
price rule  

As above, but does not pay 
out if prices go negative (as 
per current design of the 
CfD). 

This exposes projects to 
uncertainty over the degree of 
negative pricing events under 
different risk scenarios. All else 
being equal, projects would be 
expected to bid higher in auctions 
compared to Option 1 to 
compensate for reduced 
revenues.  

58.5 

1-sided CfD 
(price floor)  

If wholesale power prices fall 
below the floor, payments 
are made to the recipient up 
to the floor. Generators 
receive all upside payments. 

This reduces exposure to 
downside risk, but projects can 
benefit from any upside so would 
be expected to bid lower in the 
auctions compared to Option 1. 
Exposure to upside might attract 
a different type of investor, but it 
transfers significant risk from 
investor to consumers.  

45.5 

 
12 This is the modelled price required for the investment to breakeven over the contract period under 
the reference scenario. Where the CfD policy is a floor or cap&floor, the price here indicates the floor 
price.  
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1-sided CfD 
with 
clawback 

As above, but where 
wholesale power prices rise 
above the floor, generators 
do not receive the positive 
difference until the gross 
value of payments received 
under the CfD have been 
reimbursed. 

This reduces exposure to 
downside risk to the same extent 
as standard price floor, but gives 
a more even distribution of upside 
risk between investors and 
consumers.   

52.4 

Cap and 
floor 

This sets a minimum and 
maximum, with prices 
determined by the market 
when they are within this 
range. 

We assume that the price cap is 
determined by the regulator (we 
set it at £70/MWh). We then 
assume that the floor price would 
be bid at auction at a level that 
would be expected to recover 
costs over the duration of the 
contract under the reference 
scenario.  

47.8 

Wholesale 
price + fixed 
premium  

Wholesale price plus fixed 
price top-up  

This scenario aims to represent a 
market-based solution, where 
electricity users would pay a 
premium on top of the short-run 
system marginal cost to procure 
electricity from renewables, 
enabling them to recover capital 
costs. In this case, we assume 
that there is no volatility in the 
price of this additional market 
revenue source, so that it acts like 
a fixed premium negotiated under 
expected (reference scenario) 
conditions to recover investment 
costs.  

N/A 

Wholesale 
price + 
floating 
premium  

Wholesale price with 
multiplier  

As above, but here we assume 
that rather than being fixed, the 
additional market revenue acts as 
a multiplier to the electricity 
revenue, and so is subject to the 
same degree of risk. The 
multiplier is set at a level that 
recovers investment under the 
reference scenario.  

N/A 

The CfD strike prices shown in Table 3 reflect the different expected revenues under 

each policy design under the reference decarbonisation scenario.13 Although the bid 

prices are different for each CfD design, they all result in the same expected average 

revenue under the reference scenario.14 This revenue is exactly sufficient to recoup 

 
13 At this point in the analysis, by assuming that investors base their decisions on expected annual 
revenue, we assume bidders are risk-neutral i.e. they value expected upside as much as downside. 
This allows us to later to value the potential risk premium associated with down-side risk relative to this 
expectation.  
14 However, revenues differ in the ‘stress test’ scenarios.  
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all project costs within the contract period covered by the CfD. Strike prices are 

therefore not a guide to overall system cost-effectiveness or cost to consumers.  

These strike prices can be compared to an LCOE under our model assumptions of 

£43.3 / MWh. We make the following observations on these strike prices: 

• 2-sided CfD. The strike price is substantially above the LCOE reflecting the 15 

year contract period over which investment is assumed to be recouped.  

• 2-sided CfD (extended). The longer duration of the CfD to match the technical 

lifetime of the project brings the strike price to the same level as the LCOE.   

• 2-way CfD with negative price rule. The strike price is higher than the standard 

2-way CfD option due to the expected reduction in payments under this option.  

• 1-sided CfD is substantially lower than the strike price under the 2-sided CfD, 

because investors will expect to capture the upside when prices are above this 

floor.  

• 1-sided CfD with clawback has the same strike price as the simple 2-sided CfD 

option because the expected revenues are the same in the reference scenario. 

This reflects the fact that the clawback mechanism effectively prevents investors 

from benefiting from upside revenues given the capture prices remain below 

market prices on average in the reference scenario due to price cannibalisation 

under the conditions assumed in this study.  

• Cap and floor. The floor price lies between the 1-way CfD floor price and the 2-

way CfD strike price. This is because investors will see some upside when prices 

are above the floor, but this upside is constrained by the price cap.  

 

These CfD auctions determine the revenues that generators realise in the high- and 

low-price decarbonisation scenarios. The differences in revenue represent 

generators’ exposure to price formation risk, and are expressed as a change in 

project discount rate and compared across CfD design options,15 as presented in the 

next section.  

 

3.5   Results 

3.5.1   How do different policies affect exposure to price 

risks for offshore wind?  

In this step, we look at how the variations in capture prices and curtailment rates 

presented in Section 3.3 translate into investment risk, taking account of different 

 
15 The discount rate impact is calculated as the change in the discount rate required to get back to the same net 

present value expected in the base case. Fully methodology can be found in: Transition risk: Uncertain 

investment signals in a decarbonising electricity system, UKERC working paper, 2022. 
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policy options described in Section 3.5. Here we present results for offshore wind as 

a particular case study, although the approach is applicable to any power generation 

asset.  

We assess how each electricity system scenario would affect an offshore wind 

projects’ returns compared to the Consumer Transformation (CT-Base) reference 

scenario, expressing this difference as a discount rate impact.16  

Figure 11 shows for offshore wind projects how the different policy regimes (listed 

down the vertical axis) result in different levels of exposure to the risks of different 

decarbonisation pathways (indicated by the different coloured bars).  

 

 

 

Figure 11. Exposure of offshore wind projects to uncertainty in 

decarbonisation pathway under different policy and market regimes. 

The righthand side of Figure 11 indicates how downside risks vary relative to the 

CT reference scenario depending on the policy option. These downside risks are the 

key driver for assessing cost of capital. During the ‘build phase’, during which the 

long-term technology mix remains uncertain, the cost of capital is likely to account for 

the impact that this uncertainty (represented by the coloured bars) will have on the 

financial performance of a project.  

Taking the policy design options in the order shown in Figure 11, the key messages 

are: 

• Both wholesale market design options show the greatest level of exposure 

to downside risk which can considerably exceed 5 % points, extending as 

high as 10-15 % points under some cases. This financial exposure particularly 

reflects the risk of lack of investment in major flexibility infrastructure (such as 

flexible electrolysis demand and/or interconnectors) in the different 

decarbonisation scenarios.  

 
16 The discount rate impact is calculated as the change in the discount rate required to get back to the 
same net present value expected in the base case. The downside risks help give an indication of the 
extent to which investors will need to be compensated for this risk in their returns. However, the cost of 
capital impact will be lower than the discount rate impact because different types of investor will value 
risk differently and some will also take into account the upside risk. 

Market / policy design options: 

1. 

2. 

3. 

4. 

5. 

6. 

7. 

8. 

 

Discount rate impact (percentage point change relative to reference 

scenario) 

(Downside 

risk) 

(Upside risk) 
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• 1-sided CfD substantially reduces downside risk compared to the market 

options, although upside risk is still high. This asymmetrical allocation of risk 

between investors and consumers (i.e. allowing upside risk to accrue to 

investors whilst protecting them from downside risk) may be considered a 

disadvantage in the light of recent market price trends.  

• CfD with negative price rule exposes projects to higher levels of downside 

risk (up to 3-5%) driven by uncertainty over the degree of curtailment and the 

impact of this on revenues. 

• 2-sided CfD and 1-sided CfD with clawback cases provide identical and 

relatively high degree of de-risking of the options assessed, with downside 

risks limited to around a 1% impact on the hurdle rate. The clawback option 

effectively means investors never receive any upside in revenues due to price 

cannibalisation, making this option identical in terms of revenues to the 

standard 2-sided CfD. 

• 2-sided CfD (extended). This option almost entirely eliminates revenue risk 

because the 25 year contract period matches the assumed technical lifetime 

of the project.   

Although the focus of this analysis is mainly on downside risk, upside risks also have 

important policy implications. The Steady Progression pathway, which fails to 

decarbonise, presents an upside risk to wind investors (i.e. delivers higher capture 

prices than in the reference scenario), particularly for policy cases 1-3 shown in the 

chart where projects are more exposed to market price risk17. The effect is more 

pronounced with the higher carbon and gas price variant of the CT scenario, which 

also has residual gas generation. This is a concern as it could lead to a disincentive 

to fully decarbonise unless strong additional policy measures are in place. 

Interestingly, the Leading the Way (LT-Base) scenario also shows considerable 

upside risk, even though this is a fully decarbonised scenario for the GB system. 

This reflects the considerably greater degree of interconnection under this scenario 

compared to the other decarbonisation scenarios. In the assumptions used for this 

work, the European system still has considerable degree of fossil fuel use, which 

tends to keep capture prices elevated for interconnected wind plant in the GB 

system. This is an assumption that needs to be tested through more analysis of 

different European-level decarbonisation scenarios.  

3.5.2   Implications for the cost of delivering offshore wind? 

The final step is to illustrate the impact of these risk premiums on the implied cost of 

delivering the total stock of offshore wind expected in our base case scenario. The 

risk premium for a project is just one of many factors that will impact cost of capital. 

In practice financing costs will be affected by a range of project specific factors, 

 
17 A related issue affects price setting by interconnectors with Europe. Under the assumptions modelled 
here, Europe has still not fully decarbonised, so prices received through interconnection are elevated 
by the presence of a carbon price. This is why the ‘Lead the Way’ scenario, which is highly 
interconnected to Europe, also looks attractive in these results. Different assumptions about 
decarbonisation rates in Europe would change this result.  



58 

including the debt leverage that can be achieved by different investors, and financial 

markets’ risk appetite. In this analysis, we have not attempted to address these more 

complex aspects of project financing, but make the observation that although cost of 

capital will vary for different investor types, the calculated discount rate impacts are 

illustrative of the scale of impact of different policy options on cost of capital across 

the market. 

From Figure 11, we observe that the (downside) risk premiums of the first two 

options (wholesale plus premium) are mostly between 2 and 5 percentage points 

above the standard 2-sided CfD (Option 7), with some cases showing considerably 

greater increase in risk premium of over 10 percentage points. In Table 4, we use a 

conservative estimate of this range of up to 5 percentage points to illustrate the 

potential impact on cost of delivering the offshore wind envisaged in the Consumer 

Transformation scenario, which amounts to 80 GW installed capacity, generating 

350 TWh of electricity by 2040. This calculation indicates that every percentage point 

increase in the cost of capital implies an additional £1 bn to the cost of delivering the 

full fleet of offshore wind expected to be needed. A 5 %-point increase in the 

discount rate represents a third extra in capital costs.  

Table 4. Illustration of the impact of cost of capital on the costs of delivering 

80 GW offshore wind by 2040 

 

Discount rate increment  Base +1% +2% +3% +4% +5% 

Levelised cost £/MWh 43.9 46.4 49.0 51.7 54.6 57.6 

Annual generation TWh 350 350 350 350 350 350 

Total annual cost £bn/yr 15 16 17 18 19 20 

Increment rel. to Base £bn/yr - 1 2 3 4 5 
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4 Implications for Policy ‘After’ the 

Transition 

The analysis presented in Section 3 focused on investment risk during the ‘build 

phase’ of the transition. It shows that at least until there is greater clarity on the 

technology mix that will prevail in a zero-carbon electricity sector, significant changes 

to the commercial framework for investments in clean energy could result in 

increased cost of capital. Given the huge amounts of capital required to deliver the 

transition, such a chance could put the transition itself at risk. 

This does not mean that market design changes will not be necessary or desirable in 

a future decarbonised electricity sector. In a future ‘steady-state’ phase, although 

considerable investment will be needed to meet growing demands from 

electrification of the economy, the fundamental physical characteristics of the system 

and subsequent market behaviour will be more easily quantified, and well-designed 

market mechanisms could help to re-optimise the deployment of capital within a 

sector that has already been decarbonised.   

This section asks in a qualitative way what types of market design might be 

appropriate for this ‘re-optimisation’ phase. Over the past ~15 years, government 

intervention in the GB electricity market has gradually increased, primarily with the 

introduction of policy instruments aimed at delivering large volumes of renewable 

energy. As a result, government actors are the main players in determining the mix 

of new energy sector investors. While the policy mechanisms may be necessary, it 

seems almost certain that this will result in substantial inefficiencies in the allocation 

of capital. Unintended consequences are also likely; for example, with generators 

potentially closing early as their initial support arrangements (e.g. a CfD) expire. The 

analysis presented below considers which market design options might be most 

appropriate beyond the rapid change and uncertainty of the ‘build’ phase of the 

transition. Are there credible market design options that, even if they cannot deliver 

the energy transition itself, might help to sustain and optimise the end-state? 

 

4.1   Levers for designing a new steady state 

electricity market 

When considering the options for future changes to market design, there are many 

characteristics to explore. It is important to consider how the market is created, what 

it is that drives demand, what obligations result from engaging in the market, and 

how these obligations are traded between different market participants. Table  

presents a summary of some of the key design levers to be thought about. While this 

is not an exhaustive list, trying to answer the questions in this table can be useful in 

testing the completeness of a market design proposal. 
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Table 5. Market design levers 
  

Demand  

What is the product? Energy or capacity? 

What rights are transferred to the buyer? 

How is demand created? Operational necessity? Regulatory obligation? 

Who sets the level of 
demand? 

Government or regulator? Market participants? 

Product characteristics  

Physical or financial? Linked to physical energy, or a financial instrument? 

Cashflow at settlement How are payment flows defined at settlement? 

Delivery obligation Is there a requirement to deliver physical energy at certain 
times? How is this defined? 

Penalties for non-
delivery 

If the delivery obligation is not met, what penalties apply? 

Nominations and 
dispatch 

Do buyers nominate how much product they need? How do 
nominations work and to what extent is this linked to dispatch 
in practice? 

Markets and trading  

Centralised or 
decentralised? 

Is there a single centralised platform where all trading takes 
place? Is participation in the market for the product 
mandatory? 

Price setting How are prices defined and set? 

Secondary trading and 
optimisation 

Can market participants optimise the position that they have? 
What are the mechanisms by which they can do this? 

Net zero How is the market designed to ensure alignment with net zero 
targets? 

 

Alternative market design options can be described by deploying these design levers 

in different combinations. For some market designs, there can be more than one 

product; for example, GB’s current market design involves wholesale energy, CfDs, 

and the Capacity Market (CM). The relevant questions in Table  should be 

addressed for each of the key products in a market design proposal. 

Test cases can also be used when evaluating a market design proposal. A range 
of technologies or project types can be analysed, to assess how that project 
would engage and participate in the market.  

Table  lists some of the resource types that might be needed in a zero-emissions 
electricity sector. While this is again not an exhaustive list, testing the viability 
of these projects under a given market design can be helpful in evaluating the 
proposal. It might also be the case that not all the asset classes listed in  
Table  are required. 
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Table 6. Test cases 
  

 Example asset classes 

Non-dispatchable renewable energy Wind, solar PV 

1-way flexibility (upward) Gas engine, DSM 

1-way flexibility (downward) Demand increase, e.g., electrolysis for H2 

2-way flexibility Batteries and other storage technologies 

Inflexible baseload Nuclear 

Renewable energy with some dispatchability Solar PV with co-located battery storage 

 

4.2   Alternative target models for electricity 

market design 

A range of market designs can be considered when assessing possible options for 

optimising the electricity system, after the ‘build’ phase of the transition. A wide 

range of ideas have been published in the literature, and these options can be 

grouped into four broad categories. These categories overlap and are imperfect, as 

any similar categorisation would be, but they provide a useful basis for the 

discussion that follows: 

• Merchant+: the short-run energy price is the main price signal in the electricity 

market, but with modifications to achieve evolving system objectives, such as 

decarbonisation. This might for example rely on a high carbon price, or as in 

the US, the use of tax credits to incentivise investment in low-carbon 

generation. 

• CfD+: build decisions continue to rely on government-driven procurement 

decisions, which result in long-term contracts being awarded, with stable 

revenues on offer to those successful bidders. This could include models that 

require relatively modest changes to the current approach to procuring 

renewables, such as a CfD floor price (5), or shifting from energy to capacity-

based revenues for renewables (6,7).  

• 2-market solutions: some authors, such as Malcolm Keay (8), have suggested 

splitting the energy market into a market for firm, dispatchable energy (also 

referred to as ‘on demand’ energy), and a separate market for non-

dispatchable (‘as available’ energy). Such as market would in theory allow 

consumers to determine the level of security of supply that they find 

acceptable. 

• Obligations: this category would include models such as the Energy Systems 

Catapult’s Supplier Obligation model (9), which would rely on a 

decarbonisation standard and a reliability standard, both of which suppliers 
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would be required to meet. It could be argued that this overlaps with the 

Merchant+ category because these standards would supplement a short-run 

wholesale electricity price. 

The categorisation above consciously does not include market design options that 

would require substantially greater regulatory involvement (such as a Regulated 

Asset Base model), because this chapter is focused on assessing whether it might 

be possible to reduce the level of intervention after the initial ‘build’ phase of the 

energy transition. 

There are different pros and cons for each of these types of market design. By 
considering the market design levers and the test cases presented in Table  and  
Table  respectively, any gaps in the designs can be identified. Table  presents some 

of the pros and cons identified for each category or type of market design. This does 

not amount to a systematic or exhaustive evaluation of market design options; 

deliberately so, because the table focuses on broad categories of market design, 

rather than specific, tightly defined options. 

Table 7. Pros and cons of market design categories 
 

Market design 
type 

Pros Cons 

Merchant+ • Build decisions returned to the 
private sector. 

• Minimises distortion of short-run 
energy price signals. 

• If dependent on a high carbon 
price, highly focused on the 
primary objective of the transition 
(i.e., emissions reductions). 

• Lack of revenue certainty, at least 
during transition while the 
generation mix is changing rapidly. 

• If the generation mix is dominated 
by near-zero marginal cost plants, 
even a high carbon price is of 
limited use to intermittent 
renewables, and flexibility 
providers are dependent on 
scarcity pricing during a 
decreasing number of hours. 

CfD+ • CfD provides a proven model for 
getting low carbon generation built. 

• Variants on a CfD would likely 
require less change than other 
options. 

• Revenue certainty for investors in 
low carbon generation. 

• Procurement decisions remain 
centralised potentially increasing 
the risk of misallocation of capital 
in the long-term. 

2-market solutions • Recognises the difference 
between dispatchable and non-
dispatchable energy. 

• Provides consumers with choice 
regarding the level of security of 
supply they enjoy. 

• Offering materially different levels 
of security of supply unlikely to be 
politically acceptable. 

• Co-optimising ‘on demand’ and ‘as 
available’ energy could greatly 
increase the complexity of portfolio 
management for market 
participants. 

• Some test cases may not work: 
unclear whether there would be 
sufficient incentive for downward 
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flexibility (i.e., demand increase) or 
nuclear, which is unlikely to build a 
robust investment case in either 
market. 

Obligations • Seeks to preserve short-run 
energy price signals, similar to the 
Merchant+ category. 

• Shift burden of procurement 
planning back to the private sector. 

• Focused on desired policy 
outcomes, rather than means. 

• Unclear how a reliability obligation 
is in practice different to 
Merchant+, where suppliers would 
still likely aim to meet demand. 

• Without additional instruments to 
provide revenue certainty, unclear 
how flexibility providers would 
engage with the market. 

 

4.3   Market design needs in a decarbonised 

electricity sector 

None of the market design types are consistently strong across all the test cases 

listed in  

Table , some provide useful mechanisms for investing in certain asset classes but 

leave others unaddressed. Because of the uncertainty over which technologies will 

be used in a decarbonised electricity system, it is unclear how important (or not) 

these gaps might be. This provides further support for the conclusion from the 

analysis presented in Section 3: that any radical change in market design during the 

‘build’ phase of the transition could be detrimental, pushing up the cost of capital and 

potentially eliminating technology options that might be needed in reaching net zero 

targets. 

In the longer-term, we have identified a set of tests that need to be met for a 

proposed market design option to be credible. These five tests are again not 

intended to be exhaustive, but they do provide a useful framework for suggesting 

which types of market design might be appropriate for re-optimising the electricity 

system after the intense ‘build’ phase of the next few years. 

Test 1: The market delivers the contractual commitments required to deliver 

low carbon generation. Of the tests presented here, this is the easiest to address. 

Indeed, some low carbon generation is already being delivered outside of support 

mechanisms such as the CfD. An increasing number of corporate energy consumers 

are decarbonising their supply chains, including their energy supply. Many are 

achieving this through procuring energy directly from renewable generators. 

However, while the corporate PPA market has grown rapidly in recent years (this is a 

global trend – see Figure ), there could be limits to this expansion: 

• Many of the procurements currently taking place are being driven by large 

corporate energy consumers. While there is a certain amount of 

standardisation in the market now, it is unclear to what extent similar models 

can be deployed to ever smaller customers, or perhaps even beyond 

corporate energy consumers. 
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• In many cases, renewable energy procurement offers savings to corporate 

energy consumers on the wholesale energy component of their energy bills. 

This is especially the case under current natural gas prices. It is unclear 

whether the current business case is sustainable under scenarios with very 

high price cannibalisation. 

• While corporate procurement of renewable energy has grown rapidly, it 

remains a small portion of the total market. It is unclear whether the market 

would deliver the marginal unit of required renewable generation. 

Nonetheless, while these limits are yet to be fully tested, it is possible to imagine 

continued commercial innovation addressing the challenges noted above. 

 

 

Source: IEA Renewable Energy Market Update (240) 

Figure 12. Corporate PPA volumes by region and year of procurement 
 

Test 2: The market delivers the flexible capacity required to meet peak net 

demand. In the past, before the large-scale introduction of intermittent renewables, 

this was relatively straight-forward. During the late 1990s and the 2000s, investment 

decisions for dispatchable gas-fired power plants were made based on wholesale 

power price expectations. Market participants (often a large trader or supplier 

offtaker) were willing to become counterparties to CfD contracts, making use of their 

natural hedge with the correlation between gas and electricity prices. Dispatch risk 

was relatively low because these assets would typically operate at high load factors 

for many years before being displaced by newer, more efficient plants. By the time 

the generator was operating at the margin, and exposed to more volatility in its 

financial performance, the plant would often be fully depreciated. In a world with high 

renewables penetration, the capacity factor for flexibility providers will often be low, 

volatile, and uncertain from day one. In theory, scarcity value in the energy price 

should mean that no further intervention is necessary. But, in reality, outturn peak 

prices in a small number of hours are very difficult to forecast or to use for a 
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bankable investment case (241). The Capacity Market was introduced as part of 

EMR with the aim to address some of these issues. 

Test 3: The market is well equipped to determine the supply quantities needed 

to meet system energy and capacity requirements. This is another test that has 

become more difficult to meet because of changes in the electricity generation mix. 

The generation mix of the 2000s was dominated by dispatchable thermal generators. 

Price formation was relatively straight-forward: if the system started to get tight, 

wholesale electricity prices would rise, and new capacity would be brought forward 

by investors. As noted above, investors could perform market analysis that would 

give them sufficient confidence over the capacity factor that a plant would achieve, 

and indeed the impact that the new project might have on a utility’s portfolio.  

In a decarbonised sector, the relationship between capacity and energy becomes 

more nuanced. There are trade-offs between over-building non-dispatchable 

capacity (and accepting more curtailment) and increasing the amount of 

dispatchable capacity. Dispatchable flexibility providers cover a range of 

requirements: some will operate at low capacity factors for short durations, others 

will operate at higher capacity factors (although lower than new build CCGTs of 20 

years ago), for longer durations; still others will operate rarely but, when they do, will 

need to produce for some days during wind drought conditions. There are complex 

whole system considerations: large-scale hydrogen deployment might result in 

greater dispatchability in the electricity system, potentially reducing the demand for 

some other flexibility providers. 

In theory, the optimal generation mix can still be modelled, but the outcome will 

largely depend on technology cost curve assumptions, which themselves are highly 

uncertain. Different investors will likely make different assumptions, and the overall 

uncertainty may mean that most investors are unwilling to deploy capital at scale 

without some form of government-backed risk mitigation. 

Test 4: The market is well understood and can be modelled. For investors to 

deploy capital into a market it is important that risks are well understood and that 

they can be quantified. Where this is not possible, then intervention may be required 

to mitigate those risks. In the absence of such risk mitigation the required electricity 

generation capacity may not be built, or it might be built at very high cost, because of 

a high cost of capital. A good first test as to whether a market design proposal is 

sufficiently well defined is to ask whether the commercial arrangements that will be 

used to implement the design (i.e. the heads of terms) have been written down. As 

far as we are aware, this has not been done for the 2-market or Obligation-based 

market design proposals cited earlier. This in turn suggests that further detailed 

design work would be required before the market design could be modelled, and 

thus understood by potential investors. 

Test 5: The market results in politically acceptable outcomes. Some market 

design options may be elegant in theory but could result in outcomes that are 

unacceptable to society, elements of the media, and/or politicians. For example, a 

merchant market might in theory result in sufficiently high prices in a small number of 

hours to support investment in a low capacity factor flexibility provider, but the very 
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high prices required might not be politically acceptable (notwithstanding the 

bankability concerns raise above). Similarly, 2-market solutions might allow energy 

consumers to select a service level that suits their requirements. But if a consumer 

has selected a low cost ‘as available’ product, it seems unlikely that it would be 

politically acceptable for their supply to be cut off during a cold, windless January. 

The previously identified market design types can be assessed against these tests. 

Table  presents a high-level assessment, showing how each of the market design 

categories performs against each of the tests. It is recognised that the assessment is 

highly subjective. Green indicates that our judgement that a requirement is ‘met’, 

amber that it is ‘partially met’, and red that the requirement is ‘not met’. The relative 

number of green or red indicators does not necessarily mean that a particular market 

design options is better or worse, but it does indicate where a given option’s 

strengths and weaknesses lie. Ultimately, these tests are hygiene factors, and ideally 

any new market design would need a green indicator against each test. The fact that 

no option achieves this suggests that market intervention or a suitable combination 

of interventions remain a requirement for now. 

Table 8. Assessment of market design types against tests 
 

 Merchant+ CfD+ 2-market 
solutions 

Obligations 

 

 

Test 1: The 
market delivers 
the contractual 
commitments 
required to deliver 
low carbon 
generation 

 

Corporate PPA 
market is 
demonstrating 
some appetite for 
renewables to be 
contracted directly 
but unclear what 
the limits of this 
trend might be. 

 

Market designs 
with CfDs or an 
equivalent provide 
a separate de-
risked framework 
for renewables 
procurement, and 
can be tailored to 
deliver required 
volumes. 

 

Energy consumers 
have already 
demonstrated an 
appetite for green 
power, but here 
they are also 
expected to 
directly face the 
security of supply 
consequences of 
intermittency. 

 

As with 
Merchant+, there 
is uncertainty over 
how much of the 
requirement could 
be met by the 
market – who 
takes the volume 
risk if suppliers 
over-procure? 

 

 

Test 2: The 
market delivers 
the flexible 
capacity required 
to meet peak net 
demand 

 

In theory a 
merchant market 
might result in a 
price signal that 
would pay for this 
capacity, but this 
is unlikely to be 
bankable, calling 
for further 
intervention, such 
as a Capacity 
Market. 

 

Additional 
measures, such as 
a Capacity Market, 
would be required 
to also deliver the 
system flexibility 
required to absorb 
renewables 
capacity. 

 

Without the 
introduction of 
additional 
instruments to 
provide revenue 
stability, it likely 
suffers the same 
shortcomings as 
Merchant+. 

 

A penalty regime 
could create a 
price signal but it 
is not clear how 
this would be set. 
Possible need for 
an associated 
market to avoid 
collective over-
procurement.   
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Test 3: The 
market is well 
equipped to 
determine the 
supply quantities 
needed to meet 
system energy 
and capacity 
requirements 

 

It seems unlikely 
that the market 
could address the 
trade-offs between 
procuring energy 
in the absence of 
a bankable 
cashflow for 
flexibility 
providers. 

 

It seems unlikely 
that the market 
could address the 
trade-offs between 
procuring energy 
in the absence of 
a bankable 
cashflow for 
flexibility 
providers. 

 

Consumers 
explicitly define 
how much 
‘dispatchable’ they 
want the market to 
provide, although 
it would still be 
non-trivial to 
translate this into 
capacity and 
energy demand 
numbers, and to 
frame reliability 
products in a way 
that users can 
make informed 
choices  

 

It seems unlikely 
that the market 
could address the 
trade-offs between 
procuring energy 
in the absence of 
a bankable 
cashflow for 
flexibility 
providers. 

 

 

Test 4: The 
market is well 
understood and 
can be modelled 

 

Wholesale energy 
prices can be 
modelled where 
price formation is 
well understood. 
However, peak 
prices for plants 
operating at low 
capacity factors 
are difficult to 
forecast. 

 

CfD price 
expectations can 
be modelled and 
understood by 
market 
participants, and 
this would likely be 
the case for similar 
variants. 

 

Not currently 
defined at a level 
of detail that 
allows for the 
development of 
heads of terms 
and/or a 
representative 
model. 

 

Not currently well-
defined, although 
it seems likely this 
would be quite 
similar to 
Merchant+ in 
many respects. 

 

 

Test 5: The 
market results in 
politically 
acceptable 
outcomes 

 

Very high peak 
prices required to 
attract flexibility 
providers might 
not be politically 
acceptable, 
especially if they 
still failed to bring 
forward new 
investment. 

 

Continued 
centralised 
procurement is 
likely to be 
politically 
acceptable, 
although this partly 
depends on how 
flexibility provision 
and 
capacity/energy 
trade-offs are 
addressed. 

 

Unlikely to be 
acceptable to cut 
off households 
who select a 
cheaper, ‘as 
available’ product, 
however 
conscious and 
informed that 
decision was. 

 

As with 
Merchant+, likely 
to depend on very 
high peak prices to 
attract flexible 
capacity, which 
may not be 
acceptable. 

 

While this analysis shows that there is no one market design that is clearly suitable 

for the ‘re-optimisation’ phase of the transition, different technology pathways might 

point towards a different shortlist of market design options: 

• If short-run wholesale market price signals remain robust, then a Merchant+ 

route might be feasible. Short-run price signals might remain robust if gas 

CCS has a substantial role in the energy mix, if a mature DSM market 
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develops, or if a deep hydrogen market develops (and hydrogen is widely 

used in the electricity sector), with well understood pricing. As shown in Table 

, this would likely need to be supplemented by a Capacity Market or 

equivalent. 

• If short-run wholesale market prices tend towards zero during most hours, a 

CfD+ route (or some other long-run pricing mechanism) might be required. 

This could be required in high electrification pathways where electricity 

storage plays a major role, but without a deep hydrogen market. 

• In theory, a 2-market or obligation-based approach might offer a more 

sophisticated solution, but not until the shortcomings and the gaps in design 

detail highlighted in Table  are addressed. 

 

The future evolution of technology cost curves will also be an important 

consideration in market design choices. As shown by the analysis in Section 3, 

uncertainty over technology pathways is a major driver of the investment risk that 

would arise if material market design changes were to be made during the ‘build’ 

phase of the transition. Uncertainty over which technology pathway will prevail is 

itself largely a result of uncertainty over the evolution of technology costs. The 

removal of the risk mitigation tools (CfDs, Capacity Market) and centralised 

procurement are likely to be difficult and maybe impossible steps to take until this 

uncertainty has been greatly reduced. 
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5  Conclusions and Recommendations 

for Further Work 

5.1   Conclusions 

Investment is key to achieving the transition to a zero-carbon electricity system.  

Scenarios from the Climate Change Committee imply this transition needs to be 

made by the mid-2030s to put the UK on track to meet 2050 net-zero targets, and 

the UK Government has set a target of zero carbon electricity by 2035, subject to 

security of supply (242). A primary function of energy policy is therefore to attract the 

necessary investment at sufficient speed and scale. The degree of risk that investors 

face will be key to the feasibility and cost of achieving this. Our work suggests that 

the cost of capital can vary by about a third depending on the extent to which policies 

expose investors to transition pathway risk. In general, the greater the exposure to 

wholesale market prices, the greater the risk and cost of capital will be. The primary 

policy mechanism investigated here for managing this risk is the Contracts for 

Difference (CfD). These substantially reduce investment risk, albeit with considerable 

variation in risk exposure between different CfD designs.  

At the same time, the energy price shocks of 2022 have shone a harsh spotlight on 

costs and risks to consumers. This contrasts with the low-demand, low-price 

conditions in 2020 during Covid lockdowns where a primary policy concern was 

investor risk and price cannibalisation. This emphasises the need for policy to 

consider the allocation of both upside and downside risks between generators and 

consumers. Work by Gross et. al. (243) shows that 2-sided CfDs can also help 

reduce the extent to which upside price risk is passed through from investors to 

consumers.  

Experience from international case studies suggest that policy design is highly 

context-specific, depending on the evolution of regulatory frameworks, market 

structures and behavioural norms. No examples exist of fully decarbonised systems 

at national level, although useful lessons can be drawn from the behaviour and 

performance of different market designs and policy regimes during the current phase 

of the transition.  

General principles dictate that risks should be allocated to those best able to 

manage them. This work has concentrated on risks associated with uncertainty over 

the future pathway of decarbonisation. In particular, the work shows that there are 

fundamental risks associated with the degree of flexibility in the electricity system, 

which in turn is influenced by wider macro-trends such as the degree of hydrogen 

consumption and electrification of different parts of the economy, and the degree of 

system flexibility that these might bring. Future whole-system pathways are not 

within the power of individual power generation investors to manage, and are highly 

policy- and path-dependent, making associated price behaviour difficult to predict 

and hedge.  
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Many of these transition risks and uncertainties will tend to reduce over time as the 

pathway is revealed, and there is greater clarity over the physical and operating 

characteristics of the system. We have referred to the current stage of the transition 

as the ‘build-phase’ where speed of response is paramount, risks are high, and there 

is a strong case for socialising these risks with an equitable allocation between 

investors and consumers. Once we are closer to a decarbonised system,i, 

investment rates will still need to be high, due to growing demand from increased 

electrification. However, we see here a more ‘steady-state’ phase in terms of the 

structure of the electricity system, with greater understanding of system operation, 

price formation and associated risk characteristics. At this point, market hedging 

structures will become more feasible, making allocation of risk to market participants 

more efficient than it is now.  

 

5.2   Recommendations for further work 

The analysis presented here can be expanded in a number of ways: 

• More UK decarbonisation pathway scenarios could be modelled to broaden 

the analysis of different risk factors, and investigate in more detail the 

implications of fully decarbonised systems (noting that a number of the 

scenarios investigated here still maintain some degree of unabated fossil-fuel 

use). This would be relatively easy to implement by increasing the number of 

scenarios run through the Antares model.  

• More Europe-wide decarbonisation pathways could be modelled. In this work, 

we use only a single scenario, which does not assume full decarbonisation. 

This has important impacts on the economics, operation and effectiveness of 

interconnectors which needs to be further investigated. Again, this is relatively 

easy in principle to implement in Antares, though requires considerable 

preparatory effort to design suitable internally consistent decarbonisation 

pathways at a European level.  

• Other low-carbon generation technologies (beyond offshore wind) could be 

analysed, helping to inform the degree to which risk exposures vary across 

different generation types. These could be relatively easily included by 

increasing the number of technologies run through the discounted cashflow 

model.  

• Investment risk for plant contributing to system flexibility (e.g. electrolysis, 

interconnectors and flexible demand) could be included in the analysis. This 

would help inform policy design for incentivising investment in these types of 

technology. This would require some additional work to adequately represent 

cashflows for these technologies within the model.  

• Weather risk could be investigated in more detail by running additional 

weather years, beyond the single weather year assessed in this work. This 

would be relatively easy to implement by increasing the number of scenarios 

run through the Antares model.  
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• There could be ffurther investigation ofof the potential trade-offs between 

static and dynamic risks and efficiencies and their allocation between 

generators and consumers associated with CfDs. This would require more 

significant changes to the approach to move beyond the current static model 

structure which focuses on a single snap-shot year, to look at how risks 

evolve throughout the transition pathway.  
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